UNITED STATES DEPARTMENT OF THE INTERIOR
MINERALS MANAGEMENT SERVICE

NTL No. 2010-N03 Effective Date: March 25, 2010
Expiration Date: March 25, 2015

NOTICE TO LESSEES AND OPERATORS OF FEDERAL OIL AND GAS LEASES
IN THE OUTER CONTINENTAL SHELF

Guidelines for Royalty Relief Under 30 CFR Part 203

This Notice to Lessees and Operators (NTL) provides guidelines that apply to the revised
regulations for pre-production or expansion project royalty relief which we published in the
Federal Register on November 18, 2008 (73 FR 69490) and supersedes NTL 2002-N02. Due to
the new regulations, Appendix | which pertains to the existing royalty relief application and
evaluation procedure used for certain deepwater leases in the Gulf of Mexico, now applies to
leases offshore Alaska as well.

Under 30 CFR Part 203, certain lessees may apply to MMS for a suspension of royalty payments
or a reduced royalty rate by submitting a complete application. We describe the specific data
elements, parameters, reports and computer model or spreadsheets required in a complete
application in two separate Appendices to this NTL. They also explain the procedures we will
follow for evaluating applications and implementing royalty relief. These appendices are:

Appendix I: GUIDELINES FOR THE APPLICATION, REVIEW, APPROVAL, AND
ADMINISTRATION OF THE ROYALTY RELIEF FOR DEVELOPMENT AND
EXPANSION PROJECTS, September 2009 and

Appendix IlI: GUIDELINES FOR THE APPLICATION, REVIEW, APPROVAL, AND
ADMINISTRATION OF ROYALTY RELIEF FOR END-OF-LIFE LEASES, September
2009.

These Appendices originally helped implement the section of the Deep Water Royalty Relief Act
that applied to certain leases issued before 1996. Subsequent amendments to the regulations use
this original application and evaluation process for other lease groups as well. The basic process
described in these original guidelines remains the same, even if they may not always reflect this
expanded program focus.

You should carefully review a copy of the appropriate guidelines if you intend to request royalty
relief. They will help you structure your application to expedite our evaluation.

You can download the guidelines from the MMS website. They, along with the computer model
or spreadsheet that you will need to prepare an application, are available at
http://www.mms.gov/econ/econROYDW.htm under the subheadings for Case-by-Case Relief
and RSVP for an application for royalty relief in deepwater or offshore Alaska or at
http://www.mms.gov/ntls/ for an End-of-Life application.




If you have any questions on this NTL, you may contact Marshall Rose (703) 787-1538.

Paperwork Reduction Act of 1995 Statement: This NTL and its guidelines provide
clarification, description, or interpretation of requirements contained in 30 CFR Part 203. The
Office of Management and Budget has approved the collection of information required by these
regulations and assigned OMB Control Number 1010-0071. This NTL and its guidelines do not
impose additional information collection requirements that would be subject to the Paperwork
Reduction Act of 1995.

Dated: M ﬁ W

Chris Oynes
MAR 25 00 Associate Director for
Offshore Energy and Minerals Management
Attachments:
Appendix T

Appendix 1T
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Recovery of Costs

According to Federal policy and statute, we charge you a fee for applying for royalty
suspension volumes to recover our cost of processing your applications. The
Administrative Procedures Act (31 U.S.C. 9701) and Office of Management and Budget
Circular A-25 require that we recover our costs when we provide services that confer
special benefits or privileges to identifiable non-Federal recipients. Processing of
applications for royalty relief clearly falls within this mandate.

Furthermore, our collection of such fees is specifically authorized by the Omnibus
Appropriations Bill (PL. 104-134, 110 Stat. 13221, April 26, 1996). The statute provides:
"That beginning in fiscal year 1996 and thereafter, fees for the royalty rate relief
applications shall be established (and revised as needed) in Notices to Lessees, ....for the
costs of administering the royalty rate relief authorized by 43 U.S.C. 1337 (a) (3)."

We may issue a notice to lessees and operators (NTL), updating NTL 98-5N, to provide
more detailed information on the royalty relief application fees and when and how you
must make payments. We will revise the NTL periodically to reflect our cost experience
and to provide other information necessary for the administration of this program.



OVERVIEW OF GUIDELINES v
FOR DEEP WATER ROYALTY RELIEF APPLICATIONS UNDER 30 CFR PART 203

We (Minerals Management Service) issued regulations at 30 CFR Part 203 with an update in
January 2002 to implement the Outer Continental Shelf Deep Water Royalty Relief Act (Public
Law 104-58 (DWRRA)). This Act clarified and expanded the Secretary of the Interior's authority
in 43 U.S.C. 1337(a)(3) to reduce royalty rates on existing leases in order to promote
development, increase production, and encourage production of marginal resources on producing
or non-producing leases. This authority applies to oil and gas leases on the Federal Outer
Continental Shelf (OCS) in water at least 200 meters deep in the Gulf of Mexico west of 87
degrees, 30 minutes west longitude that were issued in a lease sale held before November 28,
1995 or after November 28, 2000. Authorized lease(s) qualify for a royalty suspension volume if
we determine the field, expansion project, or development project from which it would produce
needs royalty relief to be economic.

You (affected lessees) may apply to our Gulf of Mexico Regional office for suspension of royalty

payments by submitting the information specified under these regulations. These guidelines

detail the format you should use for submitting the necessary information and the procedures and

rationale we follow for evaluating applications. This edition of the guidelines reflect decisions

made in connection with royalty relief cases over the last 3 years and expanded coverage under
the updated regulations we issued in January 2002. ’

We advise you to review a copy of these guidelines if you intend to request deepwater royalty
relief. We also encourage you to gain familiarity with our evaluation process by meeting with our
Gulf of Mexico Regional Office prior to submitting an application. These guidelines do not add
any requirements to the regulations, but they will help you decide whether to submit an
application. Also, they will assist you in structuring your application so as to expedite our
evaluation, should you decide to submit one. Be sure to use the most current version, as we will
periodically update these guidelines to reflect our experience in processing applications.

Part of your submission requires you to use a computer model that you may obtain from our
Regional Supervisor for Production and Development for the Gulf of Mexico OCS Region. The
computer model and its documentation as well as these guidelines are also available on the MMS
website at http://www.gomr.mms.gov/homepg/offshore/royrelef html.

Any collection of information that we mention in these guidelines provides clarification,
description, or interpretation-of requirements contained in 30 CFR part 203. The Office of
Management and Budget approved our collection of information required by these regulations
and assigned OMB Control Number 1010-0071. These guidelines do not add information
collection requirements that would be subject to the Paperwork Reduction Act of 1995.

Dated: / /3'1/0 a @C@(@ h{gﬂ KQKQQ@%%
Carolita U.Kallaur, '
Associate Director

for Offshore Minerals Management




UNITED STATES DEPARTMENT OF THE INTERIOR
MINERALS MANAGEMENT SERVICE

Effective Date: February 14, 2002

Guidelines for the Application, Review, Approval
and Administration of the Deep Water Royalty Relief Program

A. Introduction

These guidelines interpret regulations (30 CFR Part 203, Subpart B) which establish the terms
and conditions for granting royalty suspension volumes under the Deep Water Royalty Relief
Act (DWRRA). They apply to Outer Continental Shelf (OCS) oil and gas leases in water depths
of 200 meters or more in the Central, Western, and portions of the Eastern Gulf of Mexico
(GOM) that were in issued in lease sales held before November 28, 1995 or after November 28,
2000. Other guidelines interpret terms for reducing royalty rates under the OCS Lands Act
(OCSLA).

As with the rule, we’ve written these guidelines in a plain English or conversational style. We
(Minerals Management Service) give you (applicants, lessees, operators) directions on what to
include in your application and what to do after we process it. Also, we explain how we will
process your application and in some cases why we do it that way. Each section of these
guidelines refers to the corresponding section in the regulations.

Guidelines are not strict rules like regulations, so we may consider requests for deviation from
the guidelines when you provide compelling reasons for deviating from a provision, preferably
before submitting a royalty relief application. Terms like “must” or “require” in these guidelines
either replicate the regulations or indicate items we will ask you to provide if they do not appear
in your application. '

This installment of these guidelines incorporates changes we made in the underlying regulations
in January 2002. These changes offered the right to apply for supplemental royalty relief to
leases issued in sales held after November 2000 if they lie in water 200 meters or deeper in the
Gulf of Mexico (GOM) wholly west of 87 degrees, 30 minutes West longitude. Also, the new
regulations modified the relief qualification process. Some modifications apply only to leases
issued after November 2000 (post-2000 leases) while others apply both to leases issued before
the DWRRA (pre-Act leases) and to post-2000 leases. These modifications offer more
opportunity, certainty, and flexibility for applicants. The following table summarizes continuing,
discontinuing, and new elements in the application process for deepwater royalty relief.



PRINCIPAL ADDITIONS AND MODIFICATIONS IN 2002 TO DWRR APPLICATIONS

Element

Applies to Pre-Act leases only

Applies to Post-2000 leases only

Eligibility (Central, Western,
and western part of Eastern
Gulf of Mexico)

Leases in 200m or more water
depth issued before 1996.

Leases in 200m or more water depth
issued after 2000.

Unit of Application

Whole field or Expansion project

Development or Expansion project

Royalty-free production can
come from

Production from the field until the
cumulative recovery volume from
leases eligible to share in the relief
equals the suspension volume.

Only production from resources
identified in the application until
cumulative production equals the
suspension volume.

Minimum suspension volume
for non-producing leases

For fields that did not produce
before the Act, matches eligible
lease suspension volumes (17.5,

'52.5,87.5 MMBOE) in equivalent

water depths.

For development projects, matches
volumes designated in sale and lease
documents plus 10 percent of most
likely reserves.

Credit for sunk costs in
application

For fields with pre-Act leases that
did not produce before the
application, after-tax costs of and
after discovery well used in
gualification.

For development projects, after-tax
cost of the project discovery well on
each participating lease.

Evaluation deadline for non-
producing leases

180 days for first determination,
120 days for a redetermination

150 days for first determination, 120
days for a redetermination

Threshold oil and gas price
levels for discontinuing relief

Statute sets threshold price for
light sweet crude oil and natural
gas.

Original lease terms set threshold price
for light sweet crude oil and natural
gas.

Element

Formerly, but no longer applies to
Pre-Act leases

Now applies both to Pre-Act and Post-
2000 leases

Discount rate used in
evaluation

Same rate used on viability and
profitability tests, applicant
chooses between 10% and 15%.

Use 10% on viability test, applicant
chooses rate between 10% and 15% for
profitability test.

Credit for sunk costs in
application for expansion
project

None

After-tax cost of the project discovery
well on each participating lease.

Minimum suspension volume
for expansion project

None

10 percent of most likely reserves.

Evaluation deadline for
expansion project

180 days for first determination,
120 days for a redetermination

150 days for first determination, 120
days for a redetermination

Deadline for starting
fabrication

Within 1 year of approval,
extendable for up to 1 year.

Within 18 months of approval,
extendable for up to 6 months.

Deadline for filing Post-
production Development
Report

60 days after the start of
production, extendable for up to
60 days

120 days after the start of production,
extentable for up to 30 days

Correction for overestimating
cost by 20% or more

Retain only half of suspension
volume granted.

Retain only half of smaller of
suspension volume granted or most
likely reserve size.

Redetermination of field
qualification or volume by
MMS

Available for new well or seismic
data, 25% lower prices, or 20%
higher cost.

Available anytime after relief
relinquished or withdrawn. Otherwise,
for new well or seismic data, 25%
lower prices, 20% higher cost, or more
efficient development system.




B. Objectives of Deep Water Royalty Relief (DWRR) (supplements 30 CFR 203.1)

We may grant royalty suspensions in deep water for three purposes -- in order to increase
production on leases already in production, to promote development on leases that have not
produced (non-producing leases), or to encourage production of marginal resources on producing
or non-producing deepwater leases. The program we use to implement this authority has three
notable features. One, it applies only to the Western and Central Planning Areas of the GOM and
the portion of the Eastern Planning Area of the GOM encompassing whole blocks lying west of
87 degrees, 30 minutes west longitude. Two, this authority only applies to deepwater leases
issued in sales held before November 28, 1995 or after November 28, 2000. Three, we suspend
royalties only for volumes of production needed to make the field or project economic, subject to
minimum suspension volumes.

We implement these royalty relief provisions in conjunction with our stewardship responsibilities
for sound management of public lands. This includes conservation of resources, obtaining a fair

"return to the public on OCS resources and ensuring that all OCS development is safe and
consistent with sound environmental standards.

C. Relation of DWRR to Other Types of Royalty Relief (supplements 30 CFR 203.2)

We offer five types of royalty relief as described in the following table. Deep Water Royalty
Relief (DWRR) is represented by rows b, ¢, d and e. Rows a and e represent relief available .
under the original OCSLA. Royalty suspensions are also available to some deepwater leases
under 30 CFR 260 in their lease terms. Attachment A summarizes the main features of the
various kinds of royalty relief.

If you have a lease... And if you... Then we may grant you...
(a) With earnings that Would abandon otherwise A reduced royalty rate on
cannot sustain production | potentially recoverable current monthly production
(End-of-life lease) resources but seek to increase | and a higher royalty rate (not to

production by operating exceed the lease stipulated

beyond the point at which the | rate) on additional monthly
lease is economic under the production.1 (See §§ 203.50

existing royalty rate through 203.56.)
(b) Located in a designated | Are producing and seek to A royalty suspension for
GOM deep water area, increase ultimate resource additional production large
acquired in a lease sale recovery from one or more enough to make the project
before November 28, 1995, | reservoirs not previously or | economic. (See §§ 203.60
or after November 28, currently producing in the through 203.79.)
2000, and you propose in a | field or lease, not simply
DOCD or supplement to extend recovery of reservoirs
expand production that already produced.

significantly (Expansion project)




If you have a lease...

And if you...

Then we may grant you...

(c) Located in a designated
GOM deep water area and
acquired in a lease sale

held before November 28,

1995 (Pre-Act lease)

Are on a field from which no
current pre-Act lease
produced (other than test
production) before
November 28, 1995
(Authorized field)

A royalty suspension for a
minimum production volume
plus any additional volume
needed to make the field
economic. (See §§ 203.60
through 203.79.)

(d) Located in a designated
GOM deep water area and
acquired in a lease sale
held after November 28,
2000

Have not produced and can
demonstrate that the
suspension volume in your
lease 1s not enough to make
development economic
(Development project)

A royalty suspension for a
minimum production volume
plus any additional volume
needed to make your project
economic. (See §§ 203.60
through 203.79.)

(e) Where royalty relief
would recover significant
additional resources or, in
certain areas of the GOM,
would enable development

Are not eligible to apply for
end-of-life or deep water
royalty relief, but show us
you meet certain eligibility
conditions

A royalty modification in size,
duration, or form that makes

your lease or project economic.
(See § 203.80.)

'See the separate End-of-Life Lease Guidelines available from your regional MMS office for further

explanation.

D. Basis for Granting DWRR (30 CFR 203.60, 63-64, 72)

Section 302(C) of the DWRRA states that an application may be made on the basis of an
individual lease or unit. The term, "unit," isn’t defined in the Act. The most fundamental issue
we faced in implementing the DWRRA for pre-Act leases was should we base royalty relief on
single leases or on some geologic or economic unit, such as a field?

Consistency with New Leases: We faced the same issue in the rule for Eligible leases (i.e., issued
in sales after November 28, 1995 but before November 28, 2000). As we explain in detail in the
preambles for our original rules implementing Sections 302 and 304 of the DWRRA, we believe
the field basis for relief is consistent with the intent of Congress.

Under 30 CFR 260.110, an Eligible lease receives a suspension volume automatically, without
demonstrating a need for the suspension to assure economic viability. These automatic volumes
are established for the fields to which we subsequently assign the Eligible lease. We structured
the rule and guidelines to apply royalty suspension provisions for pre-Act leases consistently with
royalty suspension provisions for Eligible leases. Accordingly, we follow four principles.

First, we don’t grant a royalty suspension volume to a field where any current lease produced
before November 28, 1995, except in the case where you undertake a project to significantly
expand production on your field. Since those leases which undertook the initial production from
the field (and can be said to have taken the most risk) are not eligible for a royalty suspension
volume under the DWRRA, neither should the lessees of leases on that producing field that begin



production after the DWRRA's enactment. Under these circumstances, Congress certainly
recognized that royalty relief isn’t necessary to encourage production.

Second, we grant only one royalty suspension volume per Authorized field (i.e., a field not
producing before November 28, 1995). We believe the Congress added "or unit" to Section 302
of the DWRRA to allow us to evaluate multi-lease fields. We don’t compel unitization of fields
applying for royalty relief. But, we expect leases in multi-lease fields that are not unitized to
submit a joint application, as discussed in section F and we allocate a suspension volume as
explained in section K.

Third, we may grant you a separate royalty suspension volume for each field that includes your
lease and qualifies under section H. We may also give you relief for a project that will
significantly expand production, even if we already granted a royalty suspension volume to the
field that encompasses that project. However, the reserves associated with the project must not
have been included in the application for the field-based relief (e.g., excluded as uneconomic,
newly recognized on better seismic, etc.).

Fourth, we apply the same price threshold terms (see section N) to pre-Act and certain eligible
leases (refer to lease document). Congress prescribed the same royalty suspension volumes for
both kinds of leases and we believe intended the same discontinuation of royalty relief at high

prices for both kinds of leases.

Field Designation: Our definition of a field is based on geology and for the purpose of royalty
relief is found in 30 CFR 203.0. We directly notify all affected lessees when we establish or
redefine a field and issue the OCS Operations Field Names Master List (FNML), which lists all
the tracts in each field on the GOM OCS each quarter, with monthly updates. Our Field Naming
Handbook explains how we decide what constitutes a field. It identifies six major check-points
we use for assigning leases to fields and gives 12 examples of geologic structures in the GOM
and the associated field designations. We make this Handbook available via INTERNET on the
GOM Region's website.

We assign leases to a field when a well on the lease qualifies as capable of producing in paying
quantities under the regulations at 30 CFR 250, Subpart A. If a well doesn’t qualify under the
rule, we assign the lease to a field when hydrocarbons are first produced from the lease or the
lease is allocated production under an approved unit agreement. We will also include other
leases/blocks that, in our judgment, ultimately will be part of your field when we evaluate your
application. You must submit in the application, data covering any of your leases that you believe
will ultimately be part of the field.

Because we continually update field definitions for new leases, data, and qualifying wells, we
recommend that you confirm the most current lease make-up of the field before filing an
application. That step will preclude delays as described below in processing an application that
doesn’t conform to our current definition of your field.



We recognize that you may occasionally disagree with the determination that your lease is part
of a particular field. To minimize disagreements, we use an informal process to consult with you
when establishing and revising field designations. Our regional office will notify you of a
preliminary field decision that affects your lease and offer you the opportunity for an informal
review and consultation before finalizing your field designation. If you are still dissatisfied, you
may appeal the final regional designation to the Director of MMS in accordance with the
procedures in section N.

Post-2000 leases: To reduce lessee uncertainty regarding the amount of relief available and to
accelerate the application evaluation process, we have changed the basis for relief from field to
lease for leases issued after 2000. For applications that do not involve a pre-Act lease, we assign
royalty suspension to the project defined by the applicant. Because of the large royalty
suspension volumes mandated in the DWRRA, we cannot make this simplification for pre-Act

leases. The volumes mandated by the DWRRA were based on estimates of relief appropriate for
a typical deepwater field in the early 1990’s. Without the large field-based minimums, we can
now offer royalty suspension volumes more closely tailored to your project’s estimated need.
Further, we can offer additional royalty suspension as supplemental relief to post-2000 leases that
may already have some royalty suspension in their issuing terms but need more to sanction
development.

Application Criteria: The regulations identify five basic conditions for your lease before we will
examine your application to suspend royalty payments on new production. Your OCS lease or-
unit must :

1. Have been issued as a result of a lease sale held before November 28, 1995 or after
November 28, 2000;
Be in the GOM wholly west of 87 degrees, 30 minutes west longitude;
Be in a water depth of at least 200 meters; and
Have a discovery (for both pre-Act and post-2000 lease applications)
Have been assigned to a field (pre-Act lease applications, only).

SR PN

The deepest water depth on any lease in a MMS designated field establishes the water depth for
that field. However, once we approve an application for relief, the royalty suspension volume for
an authorized field will not change based on the addition or subtraction of a lease. We establish
the water depth for each lease based on the Lease Terms and Economic Conditions map. We
publish these maps before lease sales for areas where the deepwater royalty relief program
applies. We base these maps on bathymetric data from the National Oceanic and Atmospheric
Administration. For purposes of drawing the map, if the water depth crosses a block, we include
that block in the deeper water category for determining the volume suspension. However, the
associated royalty rate for some pre-Act leases was based on the median water depth of the lease.
We will use the version of the Lease Terms and Economic Conditions map in effect at the time
you apply for royalty suspension to determine the water depth of your field.



E. Non-binding Assessments (supplements 30 CFR 203.61)

You may request a non-binding assessment of whether your non-producing, Authorized field or
development project would qualify for royalty relief before submitting the first complete
application. We offer this option to help those who seek an early indication about the chances
for royalty relief on a marginal prospect.

We expect this option to be useful where you are reluctant to spend funds on reducing
uncertainties about the commerciality of a field or project without at least an informal indication
of its chances for royalty relief. This assessment also could shorten the time we need to evaluate
your final application by identifying issues that otherwise would have led us to toll the clock to
obtain an explanation or additional information. Finally, it may be useful for fields where you
are not willing to risk having to meet the qualification requirements for a redetermination should
we reject your complete application for relief.

Our assessment at this preliminary stage isn’t binding for two reasons. One, further appraisal and
planning can substantially change the approach, data, and assumptions from those we used for
the early assessment. In contrast, your complete application for a binding relief determination
presents the proposal upon which you agree to be bound as a condition for receiving the royalty
relief we determine that you need. Two, we base our non-binding assessment on the premise that
the expected values of the data you provide will be confirmed by the additional appraisal and
planning you complete before filing a complete application. Should your appraisal and planning
indicate that changes in the input assumptions are needed, the original results may change
substantially. So, if you wish a binding commitment to royalty relief, you need to submit a
complete application as described in section F.

We don’t require a complete application for the non-binding assessment. However, we feel we
can give you the most reliable indication about your prospect’s chances for relief only if you give
us virtually equivalent details. A draft application containing preliminary estimates for all the
data elements in the Administrative, Geological & Geophysical (G&G), Engineering, Production,
Cost, and Economic Viability Reports is essential to ensure that we are assessing the same
prospect that you envision. To fully describe expectations for the prospect, you should submit a
draft application consisting of all parts of the six reports, discussed in separate sections at the end
of these guidelines. For a draft application, you need not include the certifications by an officer
in your company and by an independent CPA firm as specified in 30 CFR 203.81 (b), (¢), and (d)
or in paragraph k of the Cost Report section.

We develop our non-binding assessment of your field’s royalty relief prospects presuming that
your additional appraisal work would acquire data essential both to making a determination on
royalty relief and a decision on development. Therefore, the regulation says your draft
application for a non-binding assessment must be accompanied by an appraisal plan that
proposes to drill one or more additional wells should we render a favorable non-binding
assessment. Further, you need to identify appraisal and delineation well locations and expenses
planned before submission of the complete application so we may consider them as sunk costs
for purposes of our nonbinding assessment.
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We fully expect that uncertainty in your various estimates will be greater than would be the case
in a complete application. However, all parts of an application contribute to a common view of
the prospect. A fee, prescribed in a separate NTL, must accompany your draft application to
cover our cost of developing a full assessment that dependably forecasts whether your prospect
can expect to qualify for royalty relief. This fee is less than that for a complete application
because we don’t do a completeness review as part of our assessment. While any final
applications we may be evaluating will take priority, we intend to complete our non-binding
assessments as quickly as possible.

Once we provide a non-binding assessment, the regulation specifies that you must wait at least
90 days before submitting a final application on your field or project. This is the case because we
feel that 90 days is the minimum time you should need to conduct the additional appraisal and
planning required to review and finalize a complete application.

F. Applications (supplements 30 CFR 203.62-63, 71, 81, 83 & 85-89)

To apply for deepwater royalty relief, you need to file a complete application with the MMS
Regional Director, Gulf of Mexico Regional Office, 1201 Elmwood Park Blvd., New Orleans,
LA.70123-2394. Applications may be for either:

1. An Authorized field that includes your pre-Act lease and did not produce before November
28, 1995.

2. A development project that involves only post-2000 leases and has not yet produced.

3. An expansion project on either your pre-Act lease your post-2000 lease that will expand
production significantly. For a pre-Act lease, you must propose development in a
Development Operations Coordination Document (DOCD) or supplemental DOCD approved
after November 28, 1995. Because DOCD's don’t require an estimate of production, we
define significant expansion of production on a pre-Act lease as any project that involves a
substantial capital investment (e.g., fixed-leg platform, subsea template and manifold,
tension-leg platform, or multiple wells). We define significant expansion of production on a
post-2000 lease as any project that adds new resources, not simply extends recovery of
reservoirs already in production, with one or more new wells drilled into a reservoir that has
not previously produced.

Content.: You should finish all well appraisal work before you apply for royalty relief. A
complete application includes the original and two copies (one copy for digital information) of:

1) Administrative Information Report;

2) G&G Report;

3) Engineering Report;

4) Production Report;

5) Cost Report; and

6) DWRR Economic Viability and Relief Justification Report



You can find details on the format and content of these reports in the Report Section later in
these guidelines. A short form application, as mentioned in section K, case 3, includes only
report 1) above. You owe a fee (see our most recent fee NTL, which can found at
http://www.gomr.mms.gov/homepg/offshore/royrelef. html) with each application you submit. - A
complete application for an expansion project also needs to reference an approved DOCD or
supplemental DOCD.

Consulting and Certification: We will answer technical questions about your prospective
application before we receive it and the processing fee. Such technical questions include: what
we expect in the backup reports, how the RSVP model works, what needs to be in a complete
application, and what are the currently prescribed economic inputs for the RSVP model. Also,
we will describe our evaluation process and answer any question on these guidelines.

The regulation says you or your authorized representative must certify that all information
submitted in the application is accurate, complete, and conforms to the format and detail
specified in these guidelines. Your application also needs to be accompanied by a report
prepared by an independent CPA expressing an opinion on the accuracy of the historical financial
information presented and on whether it conforms to the presentation format specified in these
guidelines. Attachment D to these guidelines describes what we expect the CPA to review and
certify. You should identify an individual with the CPA firm who is knowledgeable about your
field or project and is authorized to answer questions on it. Also, to expedite our review, please
arrange to make him or her available to respond to questions we may have on the historical
information. We still may need to review your records supporting the historical ﬁnanc1al
information in the application.

Multi-lease Applications: You should submit information about resources on all leases in the
field or project. Also, you and other lessees on the field should plan either joint development or
a joint application and make sure you meet the performance conditions for retaining approved
relief. We’ve established the following joint application procedures.

1. We will accept only one joint application for all leases that are part of a field, as defined
by the Regional Director, on the date of application, except as provided for in subparagraph 3
below. Our Regional Director for the GOM, maintains a list of all leases assigned to each
field we’ve established. Also, we will accept only one application on a development project
designed to produce a specific set of reservoirs.

2. You may submit separately to us proprietary G&G data that is a necessary part of the joint
application, if you don’t want to share that data with other lessees on your field. Your
application isn’t complete until we receive all the information stipulated in the rule for each
lease on the field. In explaining our assumptions and reasoning behind our determinations,
we won’t disclose proprietary data.

3. We will waive the joint application requirement for a field or project if you show good
cause for the waiver. You should fully explain this good cause and demonstrate that you
made a good faith effort to obtain the participation of all lessees in the field or project. A
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lease that is assigned to the field on the date of application but that isn’t included in the

application, because its lessee(s) fails or refuses to participate, won’t share royalty relief for
the field that is the subject of the application. We will include an estimate of the non-
participating lease’s portion of field or project resources and costs in our economic evaluation
of your field or project. Also, we will evaluate the economics without royalties of those
resources (up to the size of the royalty suspension volumes in the lease terms) on the field or
project that are on eligible or RS leases (those that have royalty suspensions in their lease
terms).

4. You or your successors may submit only one complete application for royalty relief during
the life of the field or a specific development project, except in the following situations. You
may submit another application if: '

a) you are eligible to apply for a redetermination under section I,

b) we withdraw or you renounce previously approved royalty relief,

¢) you apply for royalty relief for an Expansion project, or

d) you apply for end-of-life royalty relief.

G. Review (supplements 30 CFR 203.65-66)

We may take up to 20 working days after receiving your application to determine whether it’s-
complete. If information is missing, we will attempt to give you an opportunity to submit the
needed information during the 20-day period. If we deem the application complete, we will
notify you and initiate the evaluation process. If not, we explain to you what the application
needs to become complete.

If we propose to revise the make-up of your field after you file an application, we will not delay
our completeness review. But, we will advise you that the field we intend to evaluate may differ
from the one you described in your application. You may continue to contest this new field
definition under the appeal process described in section N.

In situations where we modify your field by adding a lease during our evaluation, we may notify
you that we need more information to complete our evaluation. If our regional office does
finalize a change in your field make-up, we will ask you to agree to toll the evaluation clock until
you can modify your application to include the new lease. We will also ask for an additional 60
days to review the new information. If you own or operate the added lease and decline our
request to toll the clock, we will reject your application for inadequate information. If you don’t
own or operate the added lease and decline our tolling request, that added lease 1s still entitled to
share any relief we approve for you by filing a short form application.

The DWRRA requires that we make a determination within 180 days after we deem your
application complete (120 days in the case of a redetermination). The shorter period for the
redetermination is based on the notion that we will have the head start of already being familiar
with the field. Because they are more narrowly defined, we commit to making a determination
on development projects and expansion projects within 150 days.



The 180/150/120-day time period won’t begin until we determine and so notify you that your 1
application is complete. Once we deem it complete, you may not initiate a modification (as
opposed to a clarification) to your application. Notwithstanding this notification, if during the
evaluation period, we find that data in the application are missing, unclear, inconclusive, or
otherwise cannot be relied on, we will request new data or information needed to make the
application reliable and accurate. ‘

If we request more data, we ask that you agree to our tolling the 180/150/120-day time period
from the time we make our request until you provide us the needed information. When you
supply the needed information, we will restart the time pertod with the same number of days
remaining for our determination as when the time was tolled. If, within 30 days after our request,
you’ve not agreed to toll the evaluation clock or answered our questions, we will proceed to
evaluate what we believe is the most logical development and production configuration for your
field or project. Also, we reserve the right to proceed with our own interpretation of your
original submission when your application presents inconsistent data. Otherwise, a complete but
inconsistent application can be used to withhold data vital to our determination until late in the
evaluation process.

We have a “fixed” application policy. During the 180-day evaluation period, you may not update
- your application based on new information such as actual costs, contracts, or revised design
criteria except as described below. We do not believe it would be a fair and equitable process to
allow a partial update of information and exclude other items such as oil and gas prices. You
always have the option during the evaluation period to withdraw and resubmit the application.

Upon completion of our internal review (prior to a final decision), if our evaluation indicates a
potential denial of your application, we may meet with you to identify the data in your
application that we revised and to explain the reasons for the revisions. In such cases, we may
give you an opportunity to address any misunderstanding which you believe we may have with
your application, or to submit additional information to further explain and support the data in
question. Also, with regard to the data in question, you may submit new supporting information
such as actual costs or contracts. However, we will not revise any cost inputs to RSVP above
your original estimates. Further, if you wish to submit additional information, we ask that you
agree to a tolling of the evaluation period from the date of our meeting until we receive the
information. We may also ask you for an additional tolling period to allow us time to review the
new information.

You should notify us immediately if you begin drilling a well during the 180/150/120-day
evaluation period. If you expect to complete the drilling operation within this period, we will ask
that you agree to toll the clock so the new well information can be incorporated into our
evaluation. We would toll the evaluation clock from the beginning of drilling operations at least
until we receive the new information. If necessary, we would extend tolling for a specified
period to provide time to complete our evaluation of the new information within the legal time
limit. If you do not agree to tolling and to any request from us that you modify your application,
we may reject your application request because the accelerated drilling program is not consistent
with your application or because your application lacks required data.
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If we determine that we need to audit sunk costs in order to evaluate your application, we request
the 180/150/120-day evaluation period be tolled from the time you receive our notice until you
provide and we receive the records necessary to conduct our audit. See section M for the
procedures of how this audit determination will be made.

At the end of the 180/150/120-day evaluation period, we may extend for 30 days the time period
for making the determination or redetermination without your consent, or for longer than 30 days
if you agree. If we don’t complete the determination for your field in the prescribed time period,
together with any extension thereof, your field gets the minimum royalty suspension volume, as
specified in section L below (except when you retract your application). If we don’t complete a
determination for your development project within its time limit, your project gets a royalty
suspension for production during the number of months that a decision is delayed, plus all the

. royalty suspension volume for which you qualify. For instance, if we take 185 days instead of
the maximum of 150 days to determine that your development project needs 35 MMBOE, your
project gets a royalty suspension for its first two months of production plus 35 MMBOE. In the
case of an Expansion project, the DWRRA specifies that we will collect no royalty on the new
production for the first year of production, if we fail to make a determination on time.

H. Economié Evaluation Procedures (supplements 30 CFR 203.67-68)

Economic Measure: Over the years we’ve studied various measures to forecast whether or not a
project might be economic. We’ve chosen to use net present value (NPV) in these types of
assessments because we believe it best meets the characteristics needed to make proper and
timely decisions. Specifically, NPV analysis is an appropriate measure of profit, reflects the time
value of money, compares and ranks opportunities, indicates directly whether profit exceeds
some minimum level, and is a widely used and understood measure of the value of a project.
NPV analysis also avoids the analytical problems found with other measures. For instance, rate
of return analysis has iteration requirements, can have multiple solutions, and can give’
ambiguous rankings for projects.

Further, Monte Carlo or probabilistic analysis techniques can be used with NPV calculations to
incorporate varying degrees of uncertainty about the many variables that affect the result. This
standard decision analysis approach is often used to evaluate projects at the exploration stage.

To adapt this tool to evaluation at the development stage, we have added the feature of truncating
extremely negative outcomes that may result from some of the simulations. This truncation
procedure acts as a proxy for an option value analysis, which would serve to reflect the flexibility
an applicant has (but that is not captured in a standard NPV decision analysis) to change a
preliminary decision in light of emerging information. When disappointing reserve sizes join
low prices or high costs, the prudent operator will in fact cut his losses long before completing
full development by abandoning or at least postponing the project. We simulate that outcome by
limiting the size of losses to a magnitude compatible with reaching that abort decision.

When the mean or expected NPV is equal to zero, an investment yields a rate of return equal to
the chosen discount rate. If the NPV is less than zero, the investment earns a rate of return below
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the discount rate and is uneconomic. If the NPV is more than zero, the investment earns a

larger rate of return and is economic. Therefore, in keeping with standard practice, we chose
expected NPV as the decision criteria we use in the determinations discussed below. Our
decision criteria is based on the mean NPV of simulations from a large sample of possible
outcomes, including the limited losses in those trials where development is quite likely to be
aborted.

We considered the use of a lower NPV criterion since a value only slightly less than zero could
result in a large volume of relief. However, we dropped this idea due to the difficulty of
identifying and justifying any such value.

Economic Tests: We subject applications for DWRR to up to three discounted cash flow (DCF)
analyses. All three analyses use the same price assumptions but not necessarily the same
discount rate assumptions.

(1) Viability (or Dual) Test. We determine whether any royalty suspension volume can make
your development and attendant new production economic. For this test the DCF is calculated
under assumptions most favorable for finding a positive NPV. Proposals that don’t predict a
positive NPV when no royalties are ever collected from the field and when no costs before the
date of the application are counted are either beyond hope economically or exclude vital
information. As part of this most favorable perspective, we specify that the lowest discount rate
from the range we allow you to choose from will be used for this test. Currently the viability test
uses a 10% discount rate.

You initially carry out this DCF analysis as part of the complete application using the Royalty
Suspension Viability Program (RSVP v2.14) model that we provide. See Attachment E. In this
analysis, we expect you to propose the system you intend to install if we approve royalty relief.
Also, we expect you to define scenarios that fairly reflect the range of your uncertainty about the
appropriate development scale for your field or project.

Subsequently, we review your analysis to confirm this determination and verify the system you
propose is the most economical under the conditions used for this test. Our review also focuses
on confirming that you’ve included appropriate costs and identified adequate resources to predict
profits with the proposed system when neither royalties nor sunk costs are included in the DCF,
calculated with a 10% discount rate.

We don’t allow certain types of costs because they are not directly related to your production
from your field. Paragraph h.of the Cost Report section lists costs we consider ineligible. One
such item is expenditures for unsuccessful exploration activities, which we distinguish from
delineation by the fact that they are not associated with a source of revenue or benefit to the field.
RSVP v2.14 includes a feature to adjust for an ineligible element in well costs. When you
propose drilling into previously un-penetrated reservoirs, the cost for that completion is included
in the analysis only when that reservoir is sampled as not being dry. If the reservoir is to be
penetrated by a well that goes through other reservoirs, a proportionate share of the completion
costs for non-dry reservoirs are counted. The documentation for RSVP v2.14 more fully explains
how this and other features of the model work.
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In those instances where no amount of royalty suspension volume would make your field
economic, we deny your application for royalty relief.

(2) Profitability (or Primary) Test. We determine if your proposed development 1s economic
while paying lease royalties. As we are obliged to evaluate the most economical system for
developing your field, we invite you to identify alternative systems that you considered and why
you believe those are less economical than the one you propose. We evaluate whether the system
you propose, or a logical alternative, is most economical should full royalties have to be paid. If
we determine that the development of the field would be economic without relief, we deny your
application. You choose which discount rate we use for this assessment from a range that we
specify. Currently that range is from 10% to 15%. If you do not specify a particular discount
rate, we will use 15%.

The following figure illustrate how RSVP develops the essential elements of the viability and
profitability determinations. Each test requires 2 passes through the RSVP model. On the first
pass, the Resource Module calculates a distribution for the size of the resource for the field or
project (in BOEs) and for the oil portion of that resource. It does this by combining samples
from up to 8 distributions for each reservoir. Discrete distributions (e.g., binomtal) reflect
estimates about whether each reservoir contains oil, gas or both, and how much of the reservoir
will be oil. Continuous distributions (e.g., triangular) reflect estimates about the size,
composition, and producibility of each reservoir.

You then enter results from the Resource Module pass, along with up to 3 scenarios for capital
costs and production rates, and rerun the model. The Viability Module correlates a narrowed
distribution of resources (i.e., reserves) with capital costs and production rates and, using an
MMS prescribed price path, calculates a distribution of NPV’s. This distribution contains both
profitable and unprofitable outcomes. The RSVP truncates “no-go” or loss-limited trials (those
with abysmally large losses) to a loss equal to an estimate of expenses incurred up to the abort
(“no-go”) point. RSVP calculates a mean NPV from the distribution of profitable, unprofitable,
and truncated loss trials. To qualify for relief, the mean NPV with neither royalties nor historic
(sunk) costs (prospective NPV or PNPV) must be positive, while the mean NPV with full
royalties and allowable sunk costs (full NPV or FNPV) must be negative. If your NPV is outside
the FNPV to PNPV interval, then royalty relief at any level is not enough to make a difference.
Your field or project is either already economic or royalty relief does not provide sufficient
additional income to make development economic. (See the attached “RSVP” chart.)
Documentation for RSVP provides a detailed explanation of how this spreadsheet model works
and can be found at http://www.gomr.mms.gov/homepg/offshore/royrelef.html.

Sunk Cost. Before moving on to the third test, we need to cover how and why we treat sunk cost
as we do. Besides royalties, sunk costs are central to the profitability determination. Insofar as
the overall goal of royalty relief is to promote the development of marginal fields, economic
theory suggests that only costs that are relevant to the development decision of the operator need
to be considered. Sunk costs don’t affect that decision.
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However, a relief qualification that includes sunk cost may indirectly encourage more
development, and perhaps more exploration, than otherwise. Sunk costs in an evaluation make
qualification for discretionary royalty relief more likely. The more likely a prospect of a given
size is to qualify for relief, the larger is the expected value of a prospect yet to be explored. And,
the higher is the payoff from drilling, the more and sooner drilling will take place. Also, the
DWRRA directs that we consider all costs associated with exploring, developing, and producing
from the lease. Hence, we consider certain eligible types of historical costs (i.e., sunk costs) in
making this determination. When your field includes a pre-Act lease and has not produced, other
than test production, before you submitted a complete application for royalty relief, we use a .
broad definition of allowable sunk cost. In this case, we include your eligible expenditures from
the date of the first discovery of the field up to the date you submit a complete application, plus
the costs of your discovery well if it is qualified as producible under 30 CFR 250, Subpart A in
the profitability test. ‘

We use a narrower definition of sunk cost for a development or expansion project application. A
narrower definition of sunk cost, in comparison to the definition of sunk cost for pre-Act leases,
is consistent with a narrower unit of operation. A specific project, rather than a whole field, is
the object of the royalty relief program. In the case of a field, all the resources and development
possibilities need to be evaluated. Thus, a field evaluation depends on more complete appraisal,
and so provides a basis for the broad definition of allowable sunk costs. But, discerning the
relevance of all post-discovery expenditures is more critical when the subject of the application is
a specific project rather than an entire field. Such expenditures may benefit existing production
as well as future production or may have been incurred on lease resources not included in the
application. Therefore, on a development project or expansion project, we limit allowable sunk
costs to the cost of the first well on each lease that discovers hydrocarbons in the reservoirs
included in the application. Attachment B reproduces the definitions found in the regulations at
30 CFR 203.0, including the 2 forms of allowable sunk costs. Attachment C summarizes
categories of allowable costs.

We limit the amount of sunk costs we count to those clearly related to developing your field that
have not been recovered in previous transactions. We measure sunk costs on an after-tax
expensed basis, using the nominal (current dollar) amounts without any interest or discount rate
adjustments. Also, we include only sunk costs incurred by current owners of all leases that are
both assigned to the field at the date of the application and included in the application.

We don’t count any sunk costs in the profitability test for fields that produced prior to the date
you submitted a complete application because they are irrelevant to whether fields continue
production or not. We don’t count any historical costs incurred by third parties, such as former
leaseholders. Such costs are hard to verify and are not relevant to the current owner’s decision of
whether or not to develop and produce the field. We presume that former owner(s) willingly
exchanged the possible future revenues that recover their historic costs for compensation
received in transferring their share of the lease(s) to others. In turn, these current owners did not
incur these third-party exploration and development costs, but they did or will benefit from their
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results. Therefore, the costs and benefits of third-party expenses have been fully considered

through past market transactions involving the field.

(3) Volume Test. We approve your application for royalty relief if the most economical system
for the viability test shows a positive NPV and the best system for the profitability test shows a
negative NPV. Then, we compute a volume of production on which to suspend royalties that is
sufficient to make your field economic. This volume calculation is the third determination.

We won’t count sunk costs in computing the royalty suspension volume that will make the field
or project economically viable. To do otherwise risks adding relief well beyond that necessary to
make development economic. Also, it would direct more relief to just the wrong fields or
projects. Those with relatively large sunk costs would qualify for relatively large volume
suspension, but they are more likely to continue anyway because they have relatively smaller
costs left to incur and that must be covered by future production. However, we ensure that
inclusion of sunk cost in the profitability test gives you an unambiguous benefit by guaranteeing
successful applications receive at least the minimum royalty suspension volumes specified in
section L.

If we determine that it takes more than the minimum volume suspension to make your field or
project economic, we will calculate the volume suspension using a similar DCF.model. We use
the resources, engineering design and prospective costs in the application, as verified and
potentially modified by us for the viability test, in this calculation. One major difference in the
way we conduct this test arises from your obligation to meet certain performance conditions, per
30 CFR 203.76 of the final rule, in order to realize an approved volume suspension. To
incorporate that constraint, we base your volume suspension determination only on the most
likely scenario and associated resource range in your approved application.

Special Cases: We apply slight variations to the general evaluation procedure described above in
cases where ownership changes, where leases are added to a field, and for evaluating expansion
projects.

(1) Ownership Changes. When changes in lease ownership occur, they can affect how we
consider sunk cost. If there is a break in your ownership tenure, we count only your historical
costs since you last obtained a share of the lease. If you’ve maintained continuous ownership but
changed the share of the lease you own, we count your sunk costs on that lease in proportion to
the share you owned when you incurred these costs. These principles apply until we make a final
determination on your application. Accordingly, a break in ownership on a lease after you
submit an application but before we make a final determination could result in a loss of some of
the field’s otherwise allowable sunk costs. However, after you submit an application, a
redistribution of ownership shares on a lease among current or new owners, without a break in
ownership, will not affect how we count the allowable costs.

The following table illustrates how we apply these principles to each lease on your field. The
table entries represent the percentage ownership of the lease by company and period.
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CASE I I i I m 1 I
PERIOD 1 2 1 2 la b 2
COMPANY
A 80 40 80 80 80 40
B 20 20 20 20 60 20
C 40 20 40 40

Period 1 spans the time from when we begin counting sunk costs up to the first change in
ownership. Period 2 runs from the end of period 1 until an application is filed. In cases I
through III, all period 2 owners are assumed to retain shares during our evaluation process, i.e.,
during period 3. The results described below would not be affected by a redistribution of
ownership shares during period 3 as long as there is no break in ownership in this period. This is
the case because there are no sunk costs allowed in period 3, and satisfaction of the continuous
ownership requirement would entitle the field to retain all of the sunk costs incurred in period 2.

In case I, we count all of the allowable sunk costs in period 1 since they were all incurred by
current owners. Of course, we count all of the allowable sunk costs in period 2 as well since they
too, were incurred by the current owners. -

In case II, we count only 80 percent of allowable sunk costs spent in period 1. We don’t count
the remaining 20 percent as it is related to a non-current owner. Again we count all allowable
costs in period 2.

Case III represents a situation in which there are two changes in ownership up to the time of
application, and stable ownership through a final determination. We count only 20 percent of
allowable costs from period 1a owing to continuous ownership by company B but not company
A. The subsequent break in ownership for company A precludes our counting its costs from
period la. For periods 1b and 2, we count all costs because there is continuous ownership from
period 2 back to period 1b. That accounts for 100 percent of eligible shares in each period. We
apply equivalent rules when ownership changes during the evaluation period.

In case IV, we have two breaks in ownership--one before the application is submitted (period 1b)
and the other after submission, but before we make a final determination (period 3). No sunk
costs are applicable in period 3. We count all allowable sunk costs in period 2 and in period 1b
because all owners in those periods have maintained continuous ownership. We count only B’s
20 percent of sunk costs from period 1a because A was compensated for its costs during period
la m the transfer of all its ownership after that point.
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CASE v v v v v Vv v v
PERIOD la 1b 2 3 la 1b 2 3
COMPANY
A 80 50 40 80 50
20 100 50 20 20 100 50 20
C 40 80

The final case V is identical to case IV, except that during pertod 3, when we are evaluating the
application, there is a break in ownership. The break in ownership makes companies B and C
current owners for purpose of the application. So, we don’t count any of A’s sunk costs from
periods 1a and 2, but we count all of B’s sunk costs--50 percent in period 2, 100 percent in
period 1b, and 20 percent in period la.

To ensure that we include the proper amount of allowable sunk costs in our determination, your
application should clearly indicate the historic ownership shares of the current owners for each
lease in the application, along with the distribution of allowable sunk costs by lease and time
period. Moreover, you should notify us immediately when, during the application review
process, there is any change in ownership shares on a lease in your field, with special attention to
breaks in ownership. Your failure to indicate the historic and current ownership arrangements in
a clear, accurate, and timely manner risks losing any relief that we may grant on the grounds that
you provided inaccurate information that is material to our determination.

(2) Fields Mixing Pre-Act, Eligible and/or post-2000 Leases. If your pre-Act lease is on a field
that already has a royalty suspension volume for new leases under 30 CFR 260.110, you may
apply to share the volume suspension under conditions specified in 30 CFR 203.60 and 62-63.
Also, your post-2000 lease may apply for development project relief even if it already has a
royalty suspension volume. We evaluate your relief application in much the same manner as
described above except that we conduct the three DCF determinations taking into consideration
the volume suspension to be used by eligible and/or RS leases (those issued after 2000 with a
royalty suspension) on the field/project.

Eligible leases (those issued within 5 years after the DWRRA) and RS leases automatically
qualify for volume suspensions. Their lessees may or may not choose to join with a pre-Act

lease on the same field that wishes to apply for relief. The lessee of the pre-Act lease must show
good cause for us to waive the requirement that all leases on the field be part of an application for
royalty relief. Upon appropriate application by a pre-Act lease on a mixed field, we will evaluate
field economics including the suspension volume we judge the Eligible and/or RS leases will be
able to use. This may be the full automatic suspension volume, or it may be less if we decide
those leases will be unable to use their full suspension. Case 4, Section L explains how we



allocate a volume suspension if we determine that you qualify to share in the field’s royalty
suspension volume.

An example may help clarify this description. Suppose lease A (the pre-Act lease) and lease B
(the Eligible lease) are on the same field and that lease B entitles the field to a royalty suspension
volume of 87.5 million barrels of oil equivalent (MMBOE). If we conclude that lease B can
produce that much, we reject an application for relief for lease A if the field is economic with
royalty free production of 87.5 MMBOE or less. If we decide that lease B can only produce 40
MMBOE, then we reject lease A’s application if the field is economic with royalty free
production of 40 MMBOE or less. We follow the same procedure when an RS lease is involved
in a royalty relief application, either for a field with pre-Act leases or a development project.
This approach means we presume any expected profits from lease B offset equivalent losses from
lease A, regardless of whether they develop jointly or separately. In the event that we reject your
application for lease A, you may be able to file an application for relief under the expansion
project provisions explained in item 3 of this section.

Material change conditions on approved relief play a reduced role in this situation. Lease B’s
status as an Eligible lease, serves to shield its owners from loss or reduction of relief for a
material change from the application. Likewise, an' RS lease is exposed to loss of only the
increment above the royalty suspension with which we originally issued it for violation of a
material change condition. Development on lease A still must avoid the material change
conditions described in section J. In such cases, we will be more inclined to look at a wider set
of possible resource and cost paths before approving a relief application.

(3) Expansion Projects. We evaluate your applications for an expansion project with the same
three determinations on a project specific basis. We count sunk costs in any of the
determinations for an expansion project in the same way we do for a development project. Any
royalty suspension volume amounts that we award will apply only to production from reservoirs
targeted by your proposed expansion project.

You should note that your receiving a royalty suspension volume on production from a
Authorized field doesn’t preclude you from obtaining further relief. You may do so under the
pre-DWRRA provisions of the OCSLA, the expanded OCSLA royalty relief provisions created
by the DWRRA, or under the significant expansion of production portion of the DWRRA.
However, your expansion project should recover reserves that were not considered in our original
determination (e.g., excluded as uneconomic, or newly recognized based on better seismic, etc.).
At least one of the new reservoirs you intend to recover with the expansion project must have a
discovery well, as we do not grant relief solely for exploratory activities.

Applicant Inputs: In general, you the applicant provide the resource, productivity and
development data, and the costs we use in the determinations. We devote most of the evaluation
period to assessing the appropriateness and consistency of these inputs. The following
discussion highlights characteristics that we look for in your submission.




(1) Resource Estimates. Y ou should give your interpretations of the underlying geology with
probability distributions, reflecting the uncertainties about your field’s potential size and
production. We expect you to use triangular distributions for the parameters used in the resource
calculation. You may select other types of distributions from the options available with Crystal
Ball in our RSVP v2.14 model, but you must give a detailed explanation of why your choice
better represents your geology than the default triangular distribution. We carefully review the
raw backup data and may adjust the geological interpretations if we determine others are more
appropriate.

We verify your estimates for resources and reserves prior to determining economic viability. Part
of our resources and reserves verification involves weighing whether you propose too many or
too few reservoirs for development. We may decide to drop reservoirs because they add more
cost than revenue to the project. In such cases we will exclude that reservoir’s production and
drop the associated costs from the analysis. We also drop these costs from the base for your
material change performance condition of spending at least 80 percent of the estimated pre-
production development costs in your most likely scenario. On the other hand, we may add
reservoirs because they would contribute more revenue than cost to your project. In this case we
presume that you’ll develop the extra reserves in a later phase, so we include the extra costs and
revenues after production begins.

(2) Production and Cost Estimates. Y ou specify production and capital costs using up to three
scenarios (conservative, most likely, optimistic) to reflect the level of uncertainty, if any, in the
design scale of your final development system and in the production profile of your reservoirs.
We structured the RSVP v2.14 model to simulate adjustments in cost and scale (e.g., number of
wells, throughput capacity) based on the potential results of further delineation and project
definition. The three scenarios are designed to correlate resource sizes with cost levels. That is,
when larger than expected resource sizes are sampled (simulating better than expected
delineation results), higher costs (e.g., larger capacity) also tend to be sampled, and vice versa.
We will consider an alternative approach to selecting the development scenario for each trial if
you convince us that it better reflects the decision variables that will guide your choice among the
various scenarios. As in the resource module, you may use probability distributions for
productivity and unit cost assumption in the viability module.

You must use care in configuring the development scenarios in RSVP v2.14. We will insist that
the mean of the all-trial distribution of capital costs be no more than 7.5 percent above the capital
cost estimate you give for the most likely scenario. Also, we insist that the most likely scenario
cover at least 1/3 of all trials. These restrictions help ensure that your estimates for the most
likely scenario are representative of the uncertainty you face and that your application is not
being submitted too early in your decision process.

The 7.5 percent value is derived from one of the conditions under which you may request a
redetermination. If your costs rise by more than 20 percent from the most likely estimate in your
most recent previous application, you are entitled to a redetermination. That is, 20 percent is the
largest capital cost increase that we consider consistent with other elements in your development
plan. Conversely, a 5 percent cost decrease represents a conservative estimate of the cost savings



you may be able to realize. The midpoint of this interval (7.5 percent) represents the largest
average deviation of cost that we will allow. Costs that vary by more than 7.5 percent on average
indicate that your application is premature. Greater variance suggests that you are not yet
confident enough in your cost estimates to decide whether relief from a 12.5 (or in some cases
16.67) percent royalty is likely to make an unprofitable prospect profitable or not.

The following example clarifies this guidance. Suppose you claim that capital costs (including
platform fabrication and installation) and well drilling and completion cost are as shown in the
following table.

Scenario Conservative Most Likely Optimistic Mean,
Estimate all trials
Platform cost $250MM $250MM $250MM
Confidence interval | $245 to $350MM | $225 to $338MM | $210 to $300MM |} $300MM

[-2%/+40%)] [-10%/+35%] [-16%/+20%]

Number of wells 6 5 5
Average cost/ well $36 MM $30 MM $28 MM
Well cost $216MM $150MM $140MM $170MM
Best estimate of
capital costs $400 MM $470MM

RSVP v2.14 calculates the distribution of capital costs of all trials. Suppose the mean of this
distribution is as shown in the right-hand column. The application envisions total capital costs
17.5 percent {[(470/400) - 1] * 100 percent} above the best estimate that your back-up data
supports. Looked at another way, your application includes an excessive contingency cost
estimate of 17.5 percent. That much uncertainty indicates that it is premature to tell whether
royalties are the difference between profit or loss for your field or project.

In this situation, we will reduce by parallel amounts the top end of both your confidence interval
on capital costs and the maximum values in your input distributions for average drilling and
completion cost by enough so your application does not exceed our 7.5 percent standard. For
instance, we may reduce the upper end of the confidence intervals in all three scenarios by 10
percent (to +36, +31.5, and +18 percent from +40, +35, and +20 percent, respectively) and the
maximum possible values in the average drilling and completion cost distributions by a like
proportion. That would be enough to lower the mean of all trials to what we judge to be more
reasonable levels (e.g., platform cost of $265 MM down from $300 MM and well costs of $155
MM down from $170 MM. In this case your implied contingency factor would be lowered to an
acceptable 7.5 percent {[((265 + 155)/400) - 1] * 100 percent}.

Where you’ve significantly reduced uncertainty with substantial delineation and planning, we
look for you to more extensively document and explain the rationale if you decide to use fewer
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than three scenarios. Further, in these instances you may use point estimates in place of

ranges or distributions. Your documentation in the various reports should clearly establish the
results from such delineation and planning. In cases where you opt to use less than three
scenarios, you must identify the most likely scenario.

As explained earlier, RSVP v2.14 includes a loss limit feature, which adjusts illogical trials. For
instance, some random samples drawn when you propose large cost and resource uncertainty may
pair very small resource sizes with extremely high development costs. This is unrealistic and you
would have aborted development rather than lose the large amount of money the model
calculates. The adjusted value used on these trials is the present value of non-construction costs
you plan to spend in the first year after submitting the application. A few illogical trials are
probably unavoidable with the combination of distributions you can chose, especially when you
use only one scenario but the full permitted range of uncertainty. However, too many discarded
samples distort the model’s estimate of the value of your field. Therefore, we insist that the
results of your model run must have no more than 20 percent of the trials discarded.

We check your production and development scenarios for consistency with the geologic data and
cost data during the review. As with the information you provide on reservoirs, in cases where
we find that assumptions other than those you provide are more appropriate, we reserve the right
to make all necessary changes in the set of inputs. One assumption that we will carefully
evaluate is your choice of what resource sizes are associated with the switch from one production
and cost scenario to another. When your application doesn’t explain the choices made, we may
request tolling and clarification. If you cannot provide adequate justifications for your choices,
we will investigate others and use those that maximize NPV for the field.

In other cases, we may find it necessary to adjust your assumptions to insure fair and consistent
treatment across relief applications. For instance, some proposals may contain unusual
arrangements involving deferred financing of development capital. Such cases may include little
pre-production investment in the RSVP v2.1 calculation. In such cases you need to relate your
deferred financing payments to the cost incurred by the owner of the equipment. We will use the
present value of the deferred payment stream set by your contract with the owner to judge
whether you meet the cost-performance conditions at the post-production development review.
As we gain experience with applications, we may identify similar issues where we need to make
adjustments for fairness and consistency. We will carefully review any such adjustments with
you and specify them in the final determination letter.

MMS Inputs: To treat all applicants alike, we provide you with several of the economic
assumptions for oil and gas production to be used in the DCF analyses.

(1) Price and Discount Rate Assumptions: The Economic Viability and Relief Justification
Report section lists price and discount rate assumptions you are to use. We update the price
assumptions as dictated by circumstances but at least annually on our web page at
www.mms.gov/econ/update. We use the most recent set of economic assumptions that we
issued before you filed your application to make all three DCF determinations.
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We dertve pricing assumptions from long-term projections of oil and gas prices made by

major government and possibly private forecasters. We start with oil and gas price assumptions
found in information provided by the Energy Information Administration (EIA), Department of
Energy. We expect to update price assumptions at least annually in the spring, after the requisite
data and forecasts become available from EIA. During periods of rapid change in oil and gas
prices we may update our price assumptions more often. You may adjust our prices for the
expected API gravity of your reserves, as described in our API gravity adjustment table, if you
document these adjustments as discussed in the Economic Viability and Relief Report section.
You should request approval for any other price adjustment and get our written approval before
making any other adjustments. We consider any other change that we find to our price
assumptions as reason for concluding either that the application isn’t complete or that it should
be rejected.

We also specify a range of discount rates from which you may choose a particular rate. We
allow a choice because projects have different characteristics and operators have different risk
preferences reflected in their target rates of return. The range we allow for the discount rate is
based on historical industry returns and reflects before tax returns appropriate to a field with a
discovery, i.e., where the risk of not finding oil or natural gas has been eliminated.

Until now, we insisted that the same discount rate be used for both the viability estimate and the
profitability estimate. While ensuring that the application does not give an overly pessimistic
portrayal of the field or expansion project, this equivalence of discount rates may be too
restrictive. Development without royalty or sunk costs should be less risky than if these costs
have to be covered. Thus, the cost of capital under the viability circumstances should be lower
than when full royalties and sunk costs must be paid. To acknowledge this potential difference,
we now accept applications that demonstrate fields or projects have a positive value for the
viability test at a 10-percent real rate of discount. Note this change applies to applications both
from pre-Act leases and from post-2000 leases. Applicants retain the right to set the discount
rate we use for the profitability test at any value between 10 and 15 percent.

(2) Allowable Costs. The Cost Report section describes what we consider reasonable cost items
for use in the DCF analysis. As with the discount rate assumptions, we may update individual
items when new information supports a change.

You specify historic costs in the format described in Attachment C. Also, you provide a
certification by an independent CPA that these expenditures are accurately reported, relevant to
the field or project that is the subject of the application, and follow the proper format. Where
sunk costs are important, we may audit your records as part of our verification.

We follow the cost accounting structure prescribed for Net Profit Share Leases (NPSL) in 30
CFR 220.011 - 220.015. We allow you to count all the costs described in Attachment C because
they benefit the development and operation of your field. We allow you to include reasonable
portions of joint costs that rightfully should be allocated to this field. Joint costs mean any of the
cost items listed in Attachment C that benefits this field or project and one or more other
operations. Because some joint cost may be difficult to allocate we also allow you to assign a
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Engineering Report

(supplements 30 CFR 203.87)
a. General

You use this report to elaborate on the design of the production facilities you need to develop
this field or project. We take your submission of such a design as evidence of your belief that
the field or project merits development and qualifies for royalty relief. The development
scenarios and timing assumptions you submit in your royalty relief application should be
consistent with any and all documents previously filed for activities on your lease. You
should describe alternative development options that were considered but not chosen along
with the reason for non-selection. You should fully explain the rationale for your choice of
the selected approach and show why it is the most economical (least-cost) one. If a different
system would be more economical without royalty relief, you should indicate where and how
it differs from what you proposed. You should also show that development and production of
all of the project's recoverable resource were reasonably considered in the formulation of the
selected approach.

b. Development Concept

You should provide us with a complete description of the type, size, and location of the
system you intend to use along with a schedule for its construction.

c¢. Planned Wells

You should tell us the number of wells you intend to drill, their measured depths, and their
type (platform, subsea, vertical deviated, horizontal) as well as your drilling schedule (number
and type by year). Also, you should tell us the intended type for each completion, the
mtended reservoir for each completion, and your schedule (number of completions by year).

d. Production System Equipment

The production schedule is a very sensitive component of net present value. In the event that
the actual production rate exceeds your initial planned rate, we need to know the limiting
component(s). You should tell us the production system capacity for oil and gas. Also, you
should tell us the number, size, length, and location of any and all flow lines tying together
subsea wells and or subsea structures with the producing facility.

e. Multi-phase Development Plans

In some cases, you may intend to develop a field in several phases as opposed to entirely at
once. We may or may not agree with such an intention due to considerations such as resource
conservation, diligence, technical capability, etc. If you submit a multi-phase plan, you
should describe the conceptual basis for developing in phases as well as the goals and

~ milestones you require to continue with subsequent phases.
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f. Uncertainty

We are referring to your uncertainty about the size of the actual reserve and resource and thus
the attendant number of wells, initial production rates, decline rates, etc., not any uncertainty
about the type of development concept you’ll use. You may provide up to three schedules of
development (conservative, likely, optimistic). A schedule of development includes the
development system construction schedule, drilling schedule, completion schedule, and the
production system installation schedule. Make each one consistent with its counterpart
production profile (conservative, likely, optimistic) you provide in the Production and Cost
reports. If you submit fewer than three distinct scenarios, you should explain why other
development scales or schedules are not efficient for part of the possible range of resource
size.

g. Format
You should mark on hard copy as well as electronic files any data or information that you
consider proprietary. See Attachment E for the RSVP v2.14 model format. We prefer that
you provide the data described in paragraphs a, b, ¢, d, and e. in hard copy text with separate
lettered divisions for each of the applicable sections of this report.

h. Check list Table

The table below is provided for quick reference.

Engineering Report

Development Concept - Description of the proposed development concept

' (fixed, floater, subsea tieback, etc.) including basic

design specifications.

- Description of alternative development options along
with the reasons for non-selection.

- Construction and installation schedule.

Planned Wells - Number of wells planned

- Type of well (platform, subsea, vertical, deviated,
horizontal)

- Well depth

- Drilling schedule

- Completion description: normal, dual, horizontal, etc.
- Completion schedule
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Production System Equipment

- General process description including the production
capacity for oil and gas and a description of the
limiting component

- Surface facilities

Subsea structures

Flowlines and umbilicals

Production system construction and installation
Special problems such as hydrates, paraffin, sand,
etc.

Multi-phase Development Plans

- Conceptual basis for developing in phases and
goals/milestones required for commencing subsequent
phase

Uncertainty

- Schedules of development consistent with each of the
up to three field production profiles (conservative,
likely, optimistic) provided in the production report
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Production Report

(supplements 30 CFR 203.88)
a. General

You use this report to justify the future flow rates that you expect for wells from your field or
project. You should explain any significant deviation from flow rates at comparable wells
and fields. Your projections may be based on analogy, actual production tests, decline
curves, computer modeling, or other accepted engineering methods. However, your
discussion in this report should explain the methods used in developing the estimates along
with any attendant assumptions.

b. Production Profiles

You should estimate the expected production for each well completion and for the field or
project, by year for each year of production for oil, condensate, gas, and associated gas as well
as the composite BOE production. You should also estimate water production if any of your
operating costs (processing fees, chemical costs, etc.) are based on these volumes. You may
submit up to three separate production profiles (conservative, most likely, optimistic). Each
profile for the field should represent the production schedule you expect if a specific range on -
the field’s aggregated reserve and resource distribution exists (conservative, most likely,
optimistic). You should justify these ranges in the G&G Report. Also, you should insure that
each production profile for the field is consistent with the applicable (conservative, most
likely, optimistic) scenarios used in the Engineering Report and the Cost Report.

You should describe the specific production drive mechanism you expect for each reservoir.
¢. Format
You should mark on hard copy as well as electronic files any data or information that you

consider proprietary. See Attachment D for the format for the RSVP v2.1 model. We prefer
that you submit annual production data by product in hard copy.
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d. Check list Table

The table below is provided for quick reference:

Production Report

Production Profile - Projected production for each well completion and
for the field, by year for each year of production for
oil, condensate, and gas as well as the composite
BOE. Water production should also be provided if
directly related to any operating costs.

- Explanation of the methods used to develop the
profiles.

Uncertainty - Up to three production profiles (conservative, most
likely, optimistic) as described above

- Each production profile for the field should be
consistent with a specific point on the aggregated
reserve and resource distribution and represent a
conservative, most likely, and an optimistic case

Miscellaneous - Production drive mechanism for each reservoir
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Cost Report

(supplements 30 CFR 203.81(b) & (¢), 89 & 91)
General

You use this report to justify and explain how you estimated the various costs that you have
and will incur to develop and produce this field or project. You should limit your cost
estimates to the items identified in paragraphs b through f below and report them in the
categories listed in Attachment C. We believe they cover all the elements that clearly benefit
the development and operation of your field or project. Allowable costs include the portion
of joint costs in those categories that you can reasonably attribute to your field or project and
a 5 percent overhead rate on costs in the Labor, Material, Abandonment, and Other Costs
categories. We review your cost estimates, and once validated, use them to evaluate the
application. As part of our validation we will consider the consistency of up to three cost
scenarios (conservative, most likely, optimistic) with the applicable production and
engineering scenarios as well as the applicable resource and reserve ranges. You should
document the basis for all your cost estimates (e.g., contract with supplier, cost for a project
of similar size and water and drilling depth, vendor estimate, commercially available cost
estimating software, etc.). If you expect to encounter any unusual conditions or if you are
considering alternative development options that could cause costs to vary significantly from
the estimates presented, you should fully describe those conditions or options.

Sunk Costs
You should report sunk costs, defined in Attachment B, as follows:

(1) by the cost categories listed in Attachment C; indicate the overhead allowance for each
applicable category,

(2) in AFE format for each eligible well; indicate the cost code (Attachment C) and the
overhead allowance, if any, for each item, and

(3) in an itemized format for non-well costs; indicate the cost code, overhead allowance, and
time period the costs were incurred.

We count only eligible sunk costs for which you provide documentation. Eligible sunk costs
include only those historical costs incurred by you or your current partners in the application,
not those of third parties. To help identify which sunk costs we should count, you should
report separately by lease the size and timing of proportionate shares and breaks in ownership
for all current owners, along with the timing and distribution by lease of the eligible sunk
costs. '

We count sunk costs on an after-tax, expensed basis using nominal (current dollar) amounts
without any interest or discount rate adjustments. We may audit your sunk costs as discussed
in sections G and L. An independent CPA must certify these historical costs in the same
manner as explained in paragraph m of this Cost Report. We use these sunk costs only in the
DCF evaluation for the profitability test (as explained in section H) and in determining
whether there has been a change in material fact (as explained in section J).
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¢. Delineation and Development Costs

You should submit all the cost elements for this component listed in the table under
paragraph o. You should associate applicable costs with specific reservoirs whenever
possible. For example, tell us the specific reservoir intended for completion with each
completion cost item. You may base your estimates on actual costs (such as the cost of
previous wells drilled in the field), engineering estimates from vendors, or equivalent costs at
analogous projects. Cost estimates should be itemized in an Authorization for Expenditure
(AFE) format. Specific items that may be included in the cost elements are as follows:

Wells - Rig cost, casing and tubing, mud, consumables, equipment (wellhead valves and
other equipment necessary for interaction with topside facilities), services (cement,
chemicals, insurance, transportation), drill bits, etc.

Completions - additional cementing, perforating, sand control, packers, etc.

Subsea Completions - wellhead production tree, flowline controls and valves,
miscellaneous equipment provided for both cluster and satellite wells, etc.

Production System - where applicable, platform fabrication or conversion and
installation; topside facilities (production processing equipment; production control
system; power, utility, and safety equipment; accommodations; wellhead equipment;
storage facilities, etc.); riser system; mooring system; subsea equipment; pipelines,
flowlines, and umbilicals; engineering design; project management; etc.

d. Production Costs

Y ou should submit all the cost elements for this component listed in the table under
paragraph o. You should specify the bases for these costs (historical, engineering estimate, or
analogous project). Specific items that may be included in the elements are as follows:

Operating Costs - your costs for inspection, maintenance, repair, payroll, support and
crew transport, insurance, workovers, consumables.

Equipment I easing - your cost to lease any equipment.

Overrides* - royalty overrides and other forms of payment you incurred to acquire a
financial position 1n lease(s) associated with this field.

* We will not use these costs in our DCF evaluations.



€.

57
Transportation Costs and Allowances

You should submit all the cost elements for this component listed in the table under
paragraph o. This component should include all costs, both arm’s length and non-arm’s-
length, that are likely to be allowed as a deduction (transportation allowance) by MMS for
royalty computation purposes, based on existing rules and recent precedents. You should
specify the basis for these costs (historical, engineering estimate, or analogous project).
Specific items that may be included in the elements are as follows:

Tariffs - Your cost per bbl or MCF to be paid to a third party to use their pipeline system
to bring the product to market.

Transportation system costs — All of your costs that can be used to calculate a
transportation allowance other than tariffs. Note that these costs can overlap items
reported elsewhere in the application. You must indicate the specific costs items and
amounts where such an overlap occurs. Transportation system cost elements may
include:

(1) Annual capital investment, repair and maintenance costs for:
(a) Flowlines delivering bulk product from subsea manifolds or wellheads to a remote
host facility not located on an adjacent lease/block;
(b) Portions of umbilicals dedicated to flow. assurance (chemical transport);
(c) Platform based treatment for additional dehydration and enhanced liquids
extraction performed solely for a transportation purpose, above what is required to
meet sales contract specifications and needed to cope with flow assurance issues
caused the colder temperatures, increased pressures, and greater distances experienced
in deep water;
(d) Platform modifications (including extra buoyancy)to accommodate items under
(c) above.

(2) Specific volumes and costs of chemicals needed for flow assurance.

(3) Your cost per barrel or MCF to be paid to a third party for platform based additional
dehydration and enhanced liquids extraction costs. As for the similar “other than
arm’s-length capital and maintenance costs” (item 1c, above), these costs are solely
for transportation purposes required to meet sales contract specifications and needed
to cope with flow assurance issues caused by colder temperatures, increased
pressures, and greater distances experienced in deep water.

Non-royalty bearing fractions of the flowline — Transportation allowances are intended
only for the flowline capacity dedicated to the transportation of oil and gas, not for water.
Therefore, you must give annual projections of water production so we can estimate the
fraction of the flowline cost that is not royalty bearing.
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Gas plant processing costs - Your annual or per barrel or per MCF non-tariff costs

expended off lease to process the gas to increase liquid recovery.

f. Abandonment

You should tell us your estimate for future costs to plug and abandon wells and to remove
production systems that did not exist at the date of application. Separately, tell us the cost to
abandon wells or facilities that do exist at the time of your application that you plan to use to
produce the field or project. You should include an estimate or distribution of prospective
salvage value for all potentially reusable facilities and materials.

Overhead Costs

We allow you to add an overhead charge of up to 5 percent of the sum of the direct costs for
labor, materials, abandonment, and other costs, as defined in Appendix C. This allowance is
designed to cover your finance, administration, and management activities appropriate for the
field. We do not require documentation of this amount, but neither do we allow other
calculations of an overhead charge

You should indicate the overhead cost for each item in your cost estimates and sunk costs.
The following provides clarification regarding which specific items are eligible for an
overhead allowance:

Drilling and CompletionCosts — your tangible drilling and completion costs are considered
material costs and your direct supervision is a labor cost. Any intangible materials (bits,
cement, etc.) that you purchase and provide to the contractor can be included in the material
category. All of these costs are eligible for the 5 percent overhead allowance. All other
drilling and completion costs are considered contract services and are ineligible for an
overhead allowance.

Production System Costs — your fabrication expenses are considered material costs and are
eligible for an overhead allowance. Installation and contract engineering and project
management are contract services, which are ineligible for the allowance.

- Operating Expenses — items such as company personnel costs (labor) and chemical and fuel
expenses (material) are eligible for an overhead allowance. Overhead is not allowed for cost
categories such as transportation, insurance, communication, and contract services. For well
and subsea system repairs, some overhead may be allowed in accordance with the above rules
for drilling and completion costs.

Technical and Operations Support — these activities, if conducted by company personnel, are
eligible for an overhead allowance, otherwise, they are considered a contract service.

Abandonment Cost — the 5 percent overhead allowance may be applied to all abandonment
costs.
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h. Ineligible Costs

i.

We will not consider certain types of costs in our royalty relief analysis, either due to the
requirements of the law or because they are not properly associated with the production for
which the relief is being granted. A partial list of such costs are your:

1) acquisition costs,

2) royalty relief application fees,

3) lease rentals,

4) exploration costs,

5) damages and loses,

6) taxes,

7) interest or finance charges,

8) legal expenses and fines or penalties,

9) Costs associated with obligations existing before the application. These may include
but are not limited to royalty overrides or other forms of payment for acquiring a
financial position in a lease. Also, they include expenditures for plugging wells and
removal and abandonment of facilities existing on the date of application and that are
not to be used to produce oil or gas for sale from the field or project,

10) Costs of producing and using hydrocarbons on the lease, either for fuel or re-injected
into the reservoir for disposal or pressure maintenance (since these volumes do not
count against any royalty suspension volumes), and

11) Any historical costs incurred by third parties.

We reserve the right to add to this list and to make determinations regarding the eligibility of
all costs you submit in the application.

Uncertainty

In order to model the uncertainty inherent in applications submitted at an early project stage,
you may describe your costs in one of three ways. One, you may provide a separate cost
scenario (conservative, most likely, optimistic) for each of up to three field production
profiles you listed in the Engineering Report. For the purpose of this discussion, we consider
a scenario to be a listing of total costs, in constant dollar terms for the base year, by category
as well as an annual scheduling of such costs by category. The base year is the year of
application. Two, you may also model uncertainty about capital costs within each scenario
by specifying a confidence interval (i.e., a minimum and maximum percentage of the
scenario value). Three, as with the resource data, you may model uncertainty about drilling,
operating, and transportation charges with probability distributions. You must explain the
basis you used for selecting the number of scenarios, each probability distribution, and
confidence interval you use.
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Contingency

You may not include explicit contingency factors in your cost estimates. Uncertainty you
have about omitted costs items, remedial action on a well that does not produce at first, or
about future cost inputs (e.g., rig day rates) should be incorporated into the way you configure
your scenarios, cost distributions, and confidence intervals. We allow the average of your
distribution of capital and well costs to be as much as 7.5 percent above your best itemized
estimate for these costs. In effect, we allow you to include up to a 7.5 percent contingency on
these costs when they are accounted for in the configuration of your scenarios, cost
distributions and confidence intervals. Separate contingencies built into your itemized
estimates of capital or well costs would constitute a redundant inclusion of uncertainty.

. Scheduling

You should include, for each of the up to three cost scenarios, an annual listing (in constant,
base year dollars) of your anticipated cost expenditures by category. The term category is
intended to refer specifically to the items under “delineation and development costs” in the
right hand column of the table in paragraph o. :

Post-production Development Report

To retain the approved DWRR, you should file a post-production development report within
120 days after you start production. If your development plans call for a rolling start of
production, say as you complete several wells sequentially on the same rig mobilization, we
will define start of production as production from all wells included in the startup campaign.
The only exception to this requirement occurs if the Regional Director for the GOM grants
you an extension. You should submit actual costs for all of the elements of the development
cost component (listed in paragraph c. above) with supporting records. In addition, you
should provide costs by category in the Allowable Cost Report format as listed in Attachment
C. We use this information for decisions involving changes of material fact.

. Certification

Your application and post-production development report should be accompanied by a report
prepared by an independent CPA that expresses at least a qualified opinion that the historical
financial information in the application and post-production development report is accurate
and that the presentation of data and information conforms to our guidelines. You should
identify the individuals in the CPA firm who prepared these reports and you should make
them available to us to respond to questions which may arise regarding the evaluation of your
historical information. We reserve the right to also review your records on the historical
financial information in your report.
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The documentation for the RSVP model shows and explains the model’s format for data and
can be found at http://www.gomr.mms.gov/homepg/offshore/royrelef. html.

0. Check list Table

The table below is provided for quick reference.

Deep Water Royalty Relief Cost Report

Ownership history and sunk costs -
certified by CPA

- All documented eligible costs, in nominal (current

dollar) amounts, actually incurred subsequent to and

including the first discovery well on the field. We count

sunk costs on an after-tax, expensed basis

- All changes in lease ownership since discovery of the
field as well as the timing and distribution by lease of
all sunk costs

- Provide sunk costs in the formats referred to in
paragraph b

Delineation and development costs
- from historical records,
engineering estimate, or analogous
project in AFE format

- Platform well drilling costs and average well depth

- Platform well completion costs

- Subsea well drilling costs and average well depth

- Subsea well completion costs

- Production system costs (platform, topside facilities,
subsea equipment, flowlines, umbilicals, engineering,
project management, etc.)

Production Costs - historical,
engineering estimate or analogous
project review or company
official.

- Itemized operating and processing costs

- Equipment leasing costs

- Taxes (won’t be used in our DCF evaluations)

- Existing royalty overrides (won’t be used in our
evaluation)

Transportation Costs - historical,
engineering estimate or analogous
project

- Transportation system costs (used to determine
transportation allowance, see paragraph e)

- Percent Water content of bulk movements

- Oil and/or gas tariffs from pipeline or tankerage
- Gas plant processing costs for NGL
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Uncertainty - A cost scenario consistent with each one of the up to
three field development and production profiles
(conservative, likely, optimistic)

- If desired, express the uncertainty of capital cost for
each scenario with confidence intervals and of drilling,
operating, and transportation costs with probability

distributions

Contingency Costs - Not allowed

Scheduling - Provide costs on an annual basis (in real dollars for the
base year) for the delineation and development cost
component

Abandonment - Estimate the costs that have not been incurred at the

time of application to plug and abandon wells needed to
produce the field or project.

- Include an estimate of the salvage value of reusable
facilities and materials

File a post-production development report 120 days after you start the production subject to an
approved royalty suspension. Report actual expenditures for the above cost components up to
the date production starts. Retain supporting records for these costs and make them available
to us upon request.
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Deep Water
Royalty Relief Procedure Expansion Pre-Act Development
Project Lease Project
Information Flements (§§ 203.62, and 203.81 through 203.89)
(1) Administrative information report X X X
(2) Economic viability and relief
justification report (Royalty Suspension
Viability Program (RSVP) model inputs X X X
justified with Geological and Geophysical
(G&G), Engineering, Production, & Cost
reports)
(3) G&G report X X X
(4) Engineering report X X X
(5) Production report X X X
(6) Deep water cost report X X X

Confirmation Elements (§§ 203.70, 203.81 and 203.90 through 203.91)

(1) Fabricator’s confirmation report X X X
(2) Post-production development report
approved by an independent certified X X X
public accountant (CPA)
Approval Conditions (§§ 203.60 and 203.67)

(1) Already producing x (Field)
(2) A producible well into a reservoir that X X X
has not produced before
(3) Royalties for qualifying months
exceed 75% of net revenue (NR)
(4) Substantial investment on a pre-Act X
lease (e.g., platform, subsea template)
(5) Determined to be economic only with X X X
relief

Redetermination Conditions (§§ 203.74 through 203.75)
(1) For material change in geologic data, X X X

prices, costs, or available technology
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Deep Water
Royalty Relief Procedure Expansion Pre-Act Development
Project Lease Project

Relief Rate and Volume, subject to certain conditions (§§ 203.69)

(1) Zero royalty rate on the suspension X X X
volume and the original lease rate on
additional production
(2) Suspension volume is at least 17.5, X
52.5 or 87.5 million barrels of oil
equivalent (MMBOE)
(3) Suspension volume is at least the X X
minimum set in the Notice of Sale, the
lease, or the regulations
(4) Amount needed to become economic X X X
Full Royalty Resumes When (§§ 203.78)
(1) Average NYMEX price for last X X
calendar year exceeds $28/bbl or (Pre-Act leases)
$3.50/mcf, escalated by the gross domestic
product (GDP) deflator since 1994.
(2) Average prices for designated periods x (Post-200 X
exceed levels we specify in the Notice of leases)
Sale and the lease.
Relief Withdrawn or Reduced (§§ 203.76 through 203.77)
(1) I recipient requests. X X X
(2) Recipient does not submit post- X X X
production report that compares expected to
actual costs.
(3) Recipient changes development system. X X X
(4) Recipient excessively delays starting X X X
fabrication.
(5) Recipient spends less than 80 percent of X X X
proposed pre-production costs prior to start
of production.
(6) Amount of relief volume is produced. X X X
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Attachment B: Definitions (from 30 CFR 203.0)

Authorized field - A field
(1) Located in a water depth of at least 200 meters and in the Gulf of Mexico (GOM) west of
87 degrees, 30 minutes West longitude;
(2) That includes one or more pre-Act leases; and
(3) From which no current pre-Act lease produced, other than test production, before
November 28, 1995;

Complete application - The fee specified in 30 CFR 203.3 and an original and two copies of the
six reports consisting of the data specified in 30 CFR 203.81, 83 and 85-89, which we’ve
reviewed and found complete.

Determination - Our binding decision on whether your field qualifies for relief or on how large a
royalty-suspension volume must be to make your field economically viable.

Development project - A project that is located on one or more contiguous leases that:

(1) Were issued in a sale held after November 28, 2000;

(2) Are located in a water depth of at least 200 meters and in the GOM wholly 'west of 87
degrees, 30 minutes West longitude; and

(3) Have had no production (other than test production) before the current apphcatlon for
royalty relief.

Draft application - The preliminary set of information and assumptions you submit to seek a
nonbinding assessment on whether a field could be expected to qualify for royalty relief.

Eligible lease - A lease that:

(1) Is issued as part of an OCS lease sale held after November 28, 1995, and before
November 28, 2000;

(2) Is located in the Gulf of Mexico in water depths of 200 meters or deeper;

(3) Lies wholly west of 87 degrees, 30 minutes West longitude; and

(4) Is offered subject to a royalty suspension volume.

Expansion project - A project you propose in a DOCD or a Supplement approved by the
Secretary of the Interior after November 28, 1995, that will significantly increase the ultimate
recovery of resources from a pre-Act lease or a lease issued in a sale held after November 28,
2000. A significant increase adds new resources, not simply extends recovery of reservoirs
already in production. For a pre-Act lease, the expansion project must also involve a substantial
capital investment (e.g., fixed-leg platform, subsea template and manifold, tension-leg platform,
multiple well project, etc.). For a lease issued after November 28, 2000, the expansion project
must involve a new well drilled into a reservoir that has not previously produced. In all cases, an
expansion project must be located in a water depth of at least 200 meters and in the GOM wholly
west of 87 degrees, 30 minutes West longitude.




Fabrication (or start of construction) - Evidence of an urreversible commitment to a concept

and scale of development, including copies of a binding contract between you (as applicant) and
a fabrication yard, a letter from a fabricator certifying that continuous construction has begun,
and a receipt for the customary down payment.

Field - An area consisting of a single reservoir or multiple reservoirs all grouped on, or related to,
the same general geological structural feature or stratigraphic trapping condition. Two or more
reservolrs may be in a field, separated vertically by intervening impervious strata or laterally by
local geologic barriers, or both.

Lease - Either a lease or a unit of multiple leases.

New production - Any production from a current pre-Act lease from which no royalties are due
on production, other than test production, before November 28, 1995. Also, it means any
additional production resulting from new lease-development activities on a current pre-Act lease
or a lease issued in a sale after November 28, 2000, under a DOCD or a Supplement approved by
the Secretary of the Interior after November, 28, 1995, that significantly expands production.

Nonbinding Assessment - An opinion by us of whether your field could qualify for royalty relief.
It’s based on your draft application and doesn’t entitle the field to relief.

Performance Conditions - Minimum conditions you must meet, after we’ve granted relief and
before production begins, to remain qualified for that relief. If you don’t meet each one of these
performance conditions, we consider it a change in material fact significant enough to invalidate
our original evaluation and approval.

Pre-Act lease - A lease that:
(1) Results from a sale held before November 28, 1995;
(2) Is located in the GOM in water depths of 200 meters or deeper; and
(3) Lies wholly west of 87 degrees, 30 minutes West longitude.

Production (for purposes of Deep Water Royalty Relief) - All oil, gas, and other relevant
products you save, remove or sell from a tract, or those quantities allocated to your tract under a
unitization formula, as measured for the purposes of determining the amount of royalty payable
to the United States.

Redetermination - Our reconsideration of our determination on royalty relief because you request
it after:

(1) We have rejected your application;

(2) We have granted relief but you want a larger suspension volume;

(3) We withdraw approval; or

(4) You renounce royalty relief.
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Renounce - Action you take to give up relief after we’ve granted it and before you have

produced an amount equal to the royalty suspension volume with which we issued your lease.

Royalty suspension (RS) lease - A lease that:

(1) Is issued as part of an OCS lease sale held after November 28, 2000,

(2) Is in locations or planning areas specified in a particular Notice of Sale offering that lease;
and

(3) Is offered subject to a royalty suspension volume specified in a Notice of OCS Lease Sale
published in the Federal Register.

Sunk costs for on an authorized field means the after-tax eligible costs that you (not third parties)
incur for exploration, development, and production from the spud date of the first discovery on
the field to the date we receive your complete application for royalty relief. The discovery well
must be qualified as producible under part 250, subpart A of this title. Sunk costs include the rig
mobilization and material costs for the discovery well that you incurred prior to its spud date.

Sunk costs for an expansion or development project means the after-tax eligible costs that you
(not third parties) incur for only the first well on each of the project’s leases, as approved by us,
that encounters hydrocarbons in the reservoir(s) included in the application and meets the
producibility requirements under part 250, subpart A of this title on each lease participating in
the application. Sunk costs include rig mobilization and material costs for the discovery wells
that you incurred prior to their spud dates.

Withdraw (our) approval - Action we take on a field that has qualified for relief if you haven’t
met one or more of the performance conditions. (This is different from a withdrawal application
in which the applicant removes the application from consideration before any MMS
determination or action.)
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Attachment C: Allowable Cost Categories

Associated with the Cost Variables Used to Determine Qualification for Royalty Relief
(supplements 30 CFR 203.89)

The text of these guidelines refers to several different cost variables we use to determine your
qualification for royalty relief. Each of these variables consists of expenditures associated with
several different cost categories. This attachment summarizes categories of allowable costs,
drawn from 30 CFR 220.011 and describes what expenditures we view as eligible costs in the
respective cost categories. Our companion guidelines on End-of-Life Royalty relief includes an
almost identical attachment (Attachment 1) on allowable costs. [talics in this Attachment C
denote passages that deviate from Attachment 1 to Appendix II (the End-of-Life Lease
guidelines).

Table 1 - Cost Codes and Categories

Cost Code Cost Category
100 Labor
200 Material
300 Transportation
400 Contract Services
500 Lessee Owned Rentals
600 Insurance
700 Communications
800 Ecological and Environmental
900 Abandonment
1000 Other Costs
1100 Other Credits

Many of the allowable cost definitions we use for royalty relief are the same as those we allow
for Net Profit Share Leases (NPSL). Where the definition of terms is identical, we refer to the
corresponding cite in the Code of Federal Regulations. In those instances where the definitions
differ, we specify the definition appropriate for royalty relief purposes.

Costs associated with Labor, Material, Abandonment and Other Costs categories are eligible for
an overhead allowance of 5 percent, slightly more generous than the share allowed during the
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relief period in the NPSL regulations at 30 CFR 220.012. Other categories tend to be contract
costs which already have an overhead included in them. Joint costs and credits should be
allocated to the lease in the same manner as described in the NPSL regulations at 30 CFR
220.014.

There are two basic rules you should follow when making decisions on whether to include
particular costs in the application. First, we count and you should submit only your costs or
portions of your costs that you can validate as necessary for the proper conduct of your lease
operations.

Second, we don’t allow and you should not submit costs for any obligation that would continue
should lease operations cease. For example, we don’t allow installment payments for a capital
expenditure that was financed or the costs of abandonment for pre-existing wells and facilities
that will not be used to produce the field or project. These obligations remain regardless of the
economic performance of your lease, so they are not considered relevant to whether you continue
to produce on an otherwise profitable lease.

A. Labor (cost code 100) covers:

1. Salaries and wages of field employees, first level supervisors, and technical employees
employed in the operation of your lease, in the area of your lease.

2. Salaries and wages of technical employees within technical branches of your organization
who are working "full time" on some particular technical problem or operations aspect of
your lease. Excluded from this category are employees assigned a role in your lease’s
operations as a duty collateral with other duties that do not directly benefit that lease.

3. Salaries and wages of technical employees within technical branches of your organization
who are assigned technical tasks directly related to the operation of your lease provided
they are supported by adequate time records showing the nature of the task and the hours
spent on the task. This is an example of a joint allocable cost.

4. Employee benefits allowable according to 30 CFR 220.011(b)(2-6).

5. Overhead allowance up'to 5 percent of the sum of the other costs in this category. This
allowance, together with the corresponding amounts in items B, I, and J below is
designed to cover your finance, admintistration, and management activities appropriate for
the field.

B. Material (cost code 200) covers items you purchase or furnish as lease property. We look for
the following attributes in costs you claim in this category.

1. You charge or credit material at amounts specified in 30 CFR 220.015. Your purchase
and inventorying of material conforms to the conditions and provisions of 30 CFR
220.032.
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2. You charge to the lease only such material purchased or furnished as lease property that is
consistent with efficient and economical operations. You have not accumulated surplus
stocks. '

3. You credit to your lease costs for salvaged or returned material.
4. Overhead allowance up to 5 percent of the sum of the other costs in this category.

C. Transportation (cost code 300) covers charges for transportation of employees and material
necessary for your lease operations to, from and within the lease area. Joint transportation
costs must be allocated pursuant to the above referenced NPSL regulations. We look for the
following attributes in transportation charges you claim.

1. You only charge transportation costs for material for a distance not greater than the
distance from where like material is normally available.

2. You count transportation charges for material shipped from the lease only for lease
material and then only to the nearest reliable supply store, barge terminal, or railway
receiving point.

3. You do not include expenditures under $200 in transportation charges for material.

D. Contract Services (cost code 400) covers the cost of services and utilities provided to your
lease under contract by outside parties and rental charges paid to outside parties for the use of
equipment in the lease area in support of lease operations. These services must be provided
under an arm’s- length contract as defined in 30 CFR 206. Actual costs, rather than fees, for
services, provided under a non-arm’s-length contract, must be included in the appropriate
cost categories described above and below. We look for the following attributes in the costs
you claim for contract services.

1. The contract services constitute proper and necessary lease operations or support for lease
operations.

2. You charge the contract rate for contract services (including consulting services or
contracted technical personnel) established exclusively for the lease.

3. You allocate the cost of contracted services shared among this lease and others pro-rata to
the applicable leases.

4. You do not count the costs of contract services for research and development.
E. Rental of Equipment and Facilities Furnished by Lease Owner(s) or affiliated parties (cost

code 500) covers the use of equipment and facilities that you own or acquire that are proper
and necessary for lease operations and are not lease property.
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1. These may include shore base and offshore facilities, and pipelines from the tract to shore
based facilities.

2. The methodology for determining allowable charges for the’use of non-lease equipment
furnished by the lessee is specified at 30 CFR 220.011(g).

. Insurance (cost code 600) covers net premiums you pay for insurance you are required to
carry for lease operations. :

. Communications (cost code 700) cover the costs of leasing, acquiring, installing, operating,
repairing, and maintaining communication systems, including radio, microwave facilities,
and computer production controls for lease operations according to the proportion of those
costs that are allocable to lease operations.

. Ecological and Environmental (cost code 800) cover three items.

1. Those costs you incur in the lease area as a result of statutory regulations for
archeological and geophysical surveys relative to the identification and protection of
cultural resources.

2. Your cost to provide or to have made available pollution containment or removal
equipment, including payments to organizations or funds which supply equipment or
assistance in the event of oil spills or other environmental damage.

3. Your costs for the actual control and cleanup of oil spills and resulting responsibilities
required by applicable laws and regulations except in cases of your negligence or willful
misconduct. We don’t allow any costs from an incident resulting in civil or criminal
penalties.

Abandonment (cost code 900) covers three items.

1. Weallow costs associated with abandonment of wells you plan to drill if we approve
royalty relief and wells that have been drilled and will be used to produce the field or
project.

2. Weallow costs associated with abandonment of a well bore for the purpose of using it to
drill into another reservoir included in the project and with modification of platform
equipment for project specific purposes.

3. Overhead allowance up to 5 percent of the sum of the other costs in this category.
Other Costs (cost code 1000) covers costs not included above that you incur in the necessary

and proper conduct of the lease operation. You must identify and explain any costs in this
category. These costs may include up to a 5 percent overhead.



72

K. Other Credits (cost code 1100) cover credits to lease operations for:
1. Lease property you lease to or use in non-lease operations,

2. Your sale of information derived from test wells and geological and geophysical surveys,
and

3. For any and all amounts earned or otherwise due you as a result of lease operations.

Ineligible costs are listed in the Cost Report.
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Attachment D: Suggestions to Streamline CPA Certification

The purpose of CPA certification is for an independent expert to confirm that only allowable
costs incutred by the applicant are used for qualification. This certification must be submitted
along with the completed application and conform to the following guidance to start our
evaluation period.

At a minimum, we expect the CPA to confirm or identify deviations from at least the following
items:

1. Application includes only charges incurred on or for the sole benefit of the subject lease(s) or
discovery well(s).

2. Application includes only allowable charges as described in Appendix C of these guidelines.

3. Application includes only allowable costs that were incurred for services rendered or goods
bought for the discovery well(s) and, for fields with pre-Act leases, between the discovery
and the application date.

4. Application values for large cost elements are supported by backup invoices or other,
comparable sub-ledger records.

The applicant’s own accounting system may not match that described in Attachment C. When
that is the case, the following procedural checks should suffice to certify accuracy of historical
financial information and conformity to MMS guidelines.

To confirm applicability and accuracy of costs, identify and list other audits performed for the

qualifying period used in the application that contain these lease(s) and associated facilities.

a. If one or more other audits have been performed, review cost structure provided in the
application to be sure it is consistent with costs for the application lease(s) shown in the other
audits. Identify any inconsistencies.

b. Ifno other audits have been performed for the qualifying penod audit a random sample of
sub-ledger records for charges assigned to the lease(s). Check invoices for any unusually
large or erratic items (e.g., double previous month’s level).

To confirm inclusion of only allowable costs, determine which categories in the applicant’s own
accounting system are likely to record charges not allowed under MMS regulations and
guidelines (30 CFR 220.013 and Attachment C of these guidelines). Review cost elements in
these categories of the applicant’s own accounting system which should record any non-allowed
costs. Eliminate charges for any items found to be non-allowable from the amount confirmed in
procedure 1 above.

To confirm inclusion of only costs incurred during the qualification period, examine the dates
services were rendered or goods were received for allowable costs. Costs should be recorded in
the period when they actually occurred. Review cost elements in the beginning months of the
qualification period to ensure they were actually incurred during the qualification period.
Eliminate costs that were incurred prior to the qualification period.
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Attachment E: RSVP Computer Model Layout

(supplements 30 CFR 203.85)

We’ve constructed a template model, Royalty Suspension Viability Program (RSVP), for the
Economic Viability and Relief Justification report. It is to be used with Windows, Excel version
7 and Crystal Ball version 4.0 software. You may obtain the RSVP template from:

Regtonal Supervisor for Production and Development
Minerals Management Service

Gulf of Mexico OCS Region

1201 Elmwood Park Boulevard

New Orleans, LA 70123-2394

Crystal Ball 1s a registered trademark of Decisioneering, Boulder, Colorado,
(www.decisioneering.com; phone (303) 337-0900 or 800-289-2550; FAX (303) 337-3560).

The RSVP model uses probability (Monte Carlo) methodology to develop a resource estimate
from your input data and a net present value for your field from the production profile and cost
components you supply. We provide details on how the model works in extensive
documentation available with the model.

Also, you may download these guidelines, the model and its documentation from the MMS home
page (http://www.gomr.mms.gov/homepg/offshore/royrelef.html). From that screen, you then go
to Managing Offshore Resources, Gulf of Mexico, Offshore Information, Royalty Relief
Information.

The Documentation for the RSVP Model offers an example complete with inputs and results.
We highly recommend that you confirm the example outputs before proceeding with extensive
additional analyses.

The reserve model is integrated into RSVP as shown in the template.  You can get resource
output distributions in addition to those programmed in RSVP by alternative selection of Crystal
Ball output parameters as discussed in the model documentation. Outputs of the Resource
module are in columns X through AR. Those for the viability module are in columns BX
through CW. The inputs and outputs should be provided on a 3.5-inch diskette.
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Recovery of Costs
Under Federal policy and statute, we’ll charge you a fee for applying for royalty relief to recover our cost
of processing your application. The Administrative Procedures Act (31 U.S.C. 9701) and Office of
Management and Budget Circular A-25 require that we recover our costs when we provide services that
confer special benefits or privileges to identifiable non-Federa} recipients. Processing of applications for
royalty relief cleurly falls within this mandate,

The Omnibus Appropriations Bill (PL. 104-134, 110 Stat. 13221, April 26, 1996) authorizes our fees. The
statute provides “That beginning in fiscal year 1996 and thereafter, fees for the royalty rate relief
applications shall be established (and revised as needed) in Notices to Lessees, ... for the costs of
administering the royalty rate relief authorized by 43 U.S.C. 1337(a) (3)."

We may issue a revised notice to lessees (NTL), updating NTL 98-5N, to provide more detailed information
on the royalty relief application fees and when and how you make payments. Currently, we charge $8,000

data to confirm that you qualify for relief. We will revise the NTL periodically to reflect our cost
experience in administering this program.
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OVERVIEW OF GUIDELINES , ’
FOR END-OF-LIFE ROYALTY RELIEF UNDER 30 CFR PART 203

We issued final regulations (30 CFR Part 203) in January 1998 to implement the Outer
Continental Shelf Deep Water Royalty Relief Act (Public Law 104-58 (DWRRA)). As part of
that rule-making, we simplified and revised the way we implement authority the Secretary of
the Interior has under 43 U.S.C. 1337(a)(3)(A) to reduce or eliminate royalties. This authority
applies to oil and gas leases anywhere in the Federal Outer Continental Shelf (OCS).
Leaseholders who have inadequate revenues to sustain production qualify for royalty relief if
we determine that a modification in the royalty arrangement will result in recovery of
additional resources. '

Affected lessees may apply to the Minerals Management Service (MMS) for a reduced royalty
rate by submitting the information specified under the final regulations. The specific data,

- reports, and spreadsheets in an application are described in supplementary guidelines, issued as
an attachment to this Notice to Lessees and Operators (NTL). These supplementary guidelines
also explain the procedures we will follow for evaluating applications and implementing
royalty relief, and our rationale for excluding selected cost items from consideration.

We advise that you carefully review a copy of these guidelines if you intend to request End-of-
Life Royalty Relief. They do not add any requirements to the regulations, but they will help
you structure your application so as to expedite our evaluation. Be sure to use the most current
version of these guidelines as we will periodically update them to reflect our experience in
processing applications.

The NTL, the computer spreadsheet, and these guidelines are available from your regional
office or on the MMS website at http://www.mms.gov.

Any collection of information that we mention in these guidelines provides clarification,
description, or interpretation of requirements contained in 30 CFR Part 203. The Office of
- Management and Budget has approved our collection of information required by these
regulations and assigned OMB Control Number 1010-0071. These guidelines do not impose
acditional information coliection requirements that would be subject to the Paperwork
Reduction Act of 1995. '

Dated: 5 N Lrc— 1969 QCLVO—(.Y&.L kQ-QQQ«A,
Carolita U.Kallaur,
Associate Director for

Offshore Minerals Management




UNITED STATES DEPARTMENT OF THE INTERIOR
MINERALS MANAGEMENT SERVICE

Effective Date: March 5, 1999

Guidelines for the Application, Review, Approval,
and Administration of Royalty Relief for End-of-Life Leases

A. Introduction

These guidelines interpret regulations (30 CFR Part 203.50 through 203.56 and 203.81
through 203.84) which establish the terms and conditions for granting reductions in royalty
rates to end-of-life leases under the Outer Continenta] Shelf (OCS) Lands Act. This form of
relief applies to Federal leases anywhere on the OCS that have meaningful levels of
production. Other guidelines interpret regulations for deep water royalty relief,

As with the rule, we have written these guidelines in the “plain English” or conversational
style. We (Minerals Management Service) instruct you (applicants, lessees, operators) on how
to determine when you qualify for royalty relief and how you apply for it in a way that most
efficiently facilitates our review. Also, we explain how we administer relief you may receive.

Guidelines are not strict rules like regulations, so we may deviate from individual elements of
them if an applicant makes a convincing argument to do so. We will consider requests for
departure from the guidelines only when an applicant provides compeiling reasons for deviating
from a provision before, or when submitting, a royalty relief application.

For purposes of royalty relief, designated unit operators may act as the applicant on behalf of
all lessees (payors). Operators acting as applicants are responsible for assuring that the
application contains accurate revenue, royalty, and transportation and processing allowance
data on all sales from the lease. When not privy to all actual revenue, royalty and cost
allowance data, operators must fully explain how they estimated those amounts and alert all
payors that we may require such data and explanation from each one before we can make a
final decision on an application. '

B.  Royalty Rate Reductions - General

Under 43 U.S.C. 1337 (@)(3)(A), we may reduce or eliminate the royalty or net profit share
specified for your producing OCS lease to promote increased production. The purpose of
royalty relief is to allow you reasonable financial returns so as to increase ultimate resource
recovery (e.g., oil, gas, or sulphur) and augment receipts to the Federal Treasury. Therefore,
we will modify the royalty rate where sound engineering and economic principles indicate that
this change will extend the productive life of your lease.



We use only historic data to determine if you need end-of-life royalty relief. That reliance
presumes that you continue to operate your lease in a way that does not significantly alter
historical practice. We rely on certain procedures to protect the integrity of a decision based
on historic data. If you have recently instituted or plan significant changes to your operation,
you should implement such changes and operate for 12 months in your new configuration
before seeking to qualify for royalty relief. Otherwise, we will defer action on your
application until that circumstance is achieved. Until your application fully reflects the effect
of recent significant changes to your operation, we cannot be confident that you need royalty
relief to continue operations. We will wait up to 2 years for you to provide updated data
reflective of your new configuration. Further, we will terminate your relief if you
subsequently do things that we have notified you are significant changes to your operation.

C. Qualifications for Relief

Producing leases that have inadequate revenues to sustain continued production, i.e., end-of-
life leases, can apply for royalty relief. The term “lease” refers to either a lease or an approved
unit. To qualify for royalty relief, you need to show that your lease satisfies the following
production and economic conditions. '

1. To be eligible for royalty relief, the rule specifies that your lease must satisfy certain
production requirements during a qualification period. By production, we mean the sum of
dispositions for oil and gas reported by the operator on MMS-4054 Form (OGOR-B report)
to MMS. Under the rule, qualification months consist of the most recent 12 of the last 15
calendar-months in which you satisfy the following production requirements.

For an oil and gas lease, the production requirement during a qualifying month is an
average of at least 100 barrels of oil equivalent (BOE) per day. For a non-oil and gas
lease, any positive level of production will satisfy the production requirement needed in a

qualifying month.

To allow for lags in data availability and you time to prepare an application, your 15 month
period may end up to 120 days before the date we receive your certified application. Part
of your application is an independent opinion from a certified public accouniant (CPA). To
expedite a CPA review, Attachment 3 outlines the confirmation procedures we believe are
necessary for an independent cpinion on the reliability of the data in your application.

2. To demonstrate that your lease is becoming uneconomic, the rule specifies that you must
show that royalties you paid (ROY) exceed 75 percent of net revenues (NR) generated
during your qualification months. The clearest way to show this is by substituting your
data into the formulas below. Define Royalty Share (RS) as:

RS = ROY (100%) where
NR
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ROY is the net royalty that you have paid under the existing royalty arrangement, after
determining royalty due and deducting any transportation and processing allowances
(TPA) that you are permitted under regulations at 30 CFR 206 and recent precedents.

NR is your net revenues as defined by: NR = GVP- AC - TPC, where

Gross Value of Products (GVP) is gross proceeds all lease owners receive under arm’s-
length contracts for sale of production in marketable condition. Our Oil and Gas Payor
Handbook, Volume III, Product Valuation gives details on how to compute this GVP as
well as TPA.

In cases where a unit operator serves as the applicant on behalf of multiple payors, he must
illustrate how he calculated GVP, ROY, and TPA on his part of sales. Integral to that
illustration is a careful explanation of the basis for determining the amounts authorized by
regulation at 30 CFR 206 and recent precedents. We will compare those amounts
attributed to other payors on thé lease from operator’s calculation with what they actually
reported to MMS. Where we find material discrepancies, we will request documented
calculations from those payors.

Allowable Costs (AC) is a variable representing the sum of your expenses during the
qualification months that are necessary for the continued operation of your lease. We
follow the cost accounting structure prescribed for Net Profit Share Leases in 30 CFR
220.011 - 220.015 because it describes actual expenditures that benefit the on-going
operation of your lease. Attachment | summarizes costs we consider allowable for end-of-
life royalty relief qualification.

Generally, you may include expenses for operating and maintaining the existing wells and
facilities on your lease and costs for replacement or side track wells completed in the same
producing reservoir because these expenses are necessary for full recovery of the
resources. With the exception of certain rentals described in Attachment 1, you may not
include charges for recovering the capital cost of equipment or reserves (i.e., amortization,
depreciation, depletion) because they are development costs not consistent with an end of
life circumstance.

If you expend funds to place production in salable condition to obtain the GVP used for
royalty calculation, you may include expenses for the requisite treatment activities
(separation, dehydration, stabilization, etc.) that take place prior to the sales point. If these
activities are carried out under an arm’s-length contract with a nonaffiliated plant,
allowable expenses equal the fees you pay for the treatment activities. Otherwise, we only
allow fees in the amount that you can show reflect the actual costs incurred by the affiliated
plant in treating your production. We follow the definition of affiliation (10 percent or
more ownership) used in 30 CFR 206.101. Gas plant processing costs for activities
designed to remove elements or compounds (hydrocarbon and nonhydrocarbon) from gas,



including absorption, adsorption, or refrigeration should be included in the transportation
and processing allowance category described below.

You may also include reasonable portions of joint costs which rightfully should be
allocated to this lease. Joint costs mean any of the cost items listed in Attachment 1 that
benefit this lease and one or more other operations or leases. For instance, costs associated
with producing reservoirs or part of reservoirs in State waters from a facility on a Federal
lease are generally not allowable costs for Federal royalty relief purposes. However, if the
State/Federal parts of the field are unitized, then we may allow the portion of unitized costs
allocated to production from the Federal part of the lease. Because some joint costs may
be difficult to allocate, we also allow you to assign a 5 percent overhead amount to certain

cost items.

As the rule states, we may, in our review and evaluation of your application, disallow
certain costs when we consider them to be unnecessary for the ongoing operation of
your lease.

Transportation and Processing Costs (TPC) is a variable representing the sum of your
reasonable, actual costs for transportation and processing associated with the oil and gas
produced from your lease. TPC is based on the transportation and processing allowance
(TPA) you are permitted under the regulations at 30 CFR 206 and recent precedents. You
should illustrate and explain how you determined the TPA shown on the Report of Sales
and Royalty Remittance (Form MMS-2014) you submitted during the qualifying period. -

The TPA represents the part of your total 7PC incurred to handle the lessor (royalty) share
of the total product. Your 7PC should never exceed your TPA divided by your royalty
rate.

An example helps clarify the calculation for relief qualification.

Suppose GVP = 100, AC = 54, TPA = 2, and the effective royalty rate in the
qualifying months is 1/3. ’

Then, TPC=12/(1/3) = 6; '
ROY = (1/3) * (100 - 6) or = ((1/3) * 100] - 2 = 31.33; and
RS = [31.33/(100 - 54 - 6)] *100 percent = 78.3 percent

If your actual TPC is less than the amount calculated in this way, you should use the actual
amount of your costs, with one exception. The exception is that in cases where you have
approval of the MMS Royalty Management Program to report a tariff approved by the
Federal Energy Regulatory Commission (FERC) in lieu of actual transportation costs, you
may claim the part of the tariff associated with the royalty portion of production as the
transportation allowance. However, for the remaining non-royalty portion of production,
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you must count only the reasonable actual costs, as opposed to any imputed costs or tariffs,
incurred in transportation of the non-royalty portion of your production.

Processing costs can be claimed only for gas plant products, as defined in the regulations.
The processing costs approved by the MMS Royalty Management Program can be claimed
as part of the actual costs associated with the royalty portion of gas plant production. For
the remaining non-royalty portion of the gas plant products, you must count only the actual
costs, as opposed to any imputed costs, incurred in the processing of these products.

D. Form of Relief

Upon qualification, we will reduce the royalty rate to a fixed royalty relief rate of half of the
lease’s effective royalty rate, where the effective royalty rate represents the average royalty
rate applied to the gross production volume during the 12 months included in the qualifying
period. You may still claim the 7PA credit against royalties owed after we grant relief.

If we have given relief to this lease before, the original lease rate may not be the same as the
effective royalty rate. The following example illustrates how to find your effective royalty rate
when more than one fixed rate has applied during the qualifying period.

Suppose that for 4 months production totals 500 (that is, averages 125/month) and one
royalty rate (1/6) applies, and for the other 8 months production totals 2,000 while another

royalty rate (1/3) applies.

The production-weighted average royalty rate over the qualifying period or the effective
royalty rate is {[(500 * (1/6)) + (2,000 * (1/3)))/(500 + 2,000)} * 100 percent = 30
percent, so the royalty relief rate would be 15 percent.

If you operated under a net revenue share royalty system, you must derive an effective royalty
rate for each month by dividing royalties owed by well-head value (GVP - TPC). The
following example illustrates how to find your effective royalty rate for one month when your
royalty was determined by a net revenue or net profit share system.

Suppose your monthly royalty obligation is 50 percent of GVP (of say 3,000) less TPC (of
say 700) and less an allowable operating cost (of say 920).

Your effective royalty rate for the month is {{(0.5 * (3,000 - 700 - 920)))/(3,000 - 700} *
100 percent = 30 percent ‘

The calculation must be repeated for each of the 12 qualifying months and the result for
each month weighted by the production volume in the same month. If the production-
weighted average of your effective royalty rates in all 12 qualifying months worked out to
be 30 percent, your royalty relief rate would again be 15 percent.



The royalty relief rate will apply to production up to the royalty relief volume. 1t is equal to
the monthly average number of barrels of oil equivalent produced over the 12 months in the
qualification period. For natural gas production, 5,620 cubic feet of gas is equivalent to one
barrel of oil.

With the production numbers from the above example, the royalty relief volume would be
(500 + 2,000)/12 = 208.3.

Any monthly volume of production above and up to 2 times the royalty relief volume will bear
royalties at 1.5 times the effective royalty rate. Production above 2 times the relief volume
amount pays the effective royalty rate. The following illustration continues the example.

Suppose production reaches 300 in a month after relief is granted.

You would owe royalties on the first 208.3 at a 15 percent rate, while you would owe
royalties on the remaining 91.7 at a 45 percent rate (1.5 * 30 percent).

You should compute an average royalty rate each month, which serves as the rate for
calculating actual royalties due. You find it by taking the production-weighted average of the
rate associated with production up to the relief volume (equal to % the effective royalty rate),
and the rate associated with additional production (equal to 1.5 times the effective royalty rate
for up to double the royality relief volume and the effective royalty rate for any greater
volume). The following illustration completes the example.

The average royalty rate for a month with production of 300 is {[(208.3 * 0.15) + v(91 ¥
0.45)}/300} * 100 percent = 24.17 percent.

If production climbs to 420, the average royalty rate is {{(208.3 * 0.15) + (208.3 * 0.45)
+ (3.4 *0.3)]} * 100 percent = 30 percent. In effect, the average relief royalty rate
gradually increases (as monthly production) rises to a cap at the pre-relief effective royalty
rate.

E. Suspension of Relief

You owe royalties at the effective royalty rate on all production during any month in which
sweet crude oil and natural gas prices increase by more than 25 percent. You should calculate
the increase as the difference between the current weighted 12 calendar-month rolling average
of NYMEX (New York Mercantile Exchange) and the weighted 12 calendar-month average of
NYMEX prices during your qualification months. The weighting factors for oil and gas are the
percentages of your total production provided by each product during the 12 qualifying
months. In these cases, the effective royalty rate will apply to all your production.
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Suppose you produced an average of 3,500 bbls of oil and 2,810 mcf of gas (with 1.1 MMbtu
per mef) per month during your 12 qualifying months. Converting gas to BOE using a factor
of 5,620 scf/bbl, your production weighting factors are {3,500/[(3,500 + (2,810/5.62)]3 *

100 percent = 87.5 percent oil and 12.5 percent gas.

Suppose over your 12 qualifying months average NYMEX oil prices were $12/bbl and
average NYMEX gas prices were $2 per million Btu. Your base price level is ($12 * 0.875)
+[(2* 1.1) * 0.125] = $10.775/BOE. If average NYMEX prices weighted by these factors
exceed ($10.775 * 1.25) = $13.47/BOE, you would owe royalties at your pre-relief or
effective rate. This happens if the average NYMEX oil price rises to $15/bbi and the average
NYMEX gas price rises to $2.50/MMBtu over the same 12 month period. It also would
happen if the average NYMEX oil price rose to $15.08/bbl and gas prices remained at
$2/MMBtu.

F. Termination of Relief

End-of-Life royalty relief ends in any of three situations.

1.

At any time you may renounce, by written notification to the MMS Regional Director for
your area, the royalty relief granted under these guidelines. After we acknowledge the
change, you will owe royalties at the pre-relief or effective rate as of the next full month
when royalties are due.

Relief ends when your average royalty rate equals the effective rate for 12 consecutive
months. This would happen if prices remain more than 25 percent above their average
level in your qualifying months or if your production is double or more the relief volume
for 12 consecutive months. '

We reserve the right in individual cases to specify activities that will end relief because
they are not compatible with an end-of-life circumstance. If we choose to reserve this right
in your individual case, we will notify you in our letter approving your end-of-life relief
what activities are incompatible with continuation of relief and when relief would

- terminate. Also, we will indicate the terms to which your royalty obligation will revert in

the event such activities occur.

G. Withdrawal of Relief

If we find that you provided false or intentionally inaccurate information that was material to
our granting you relief, you must pay full royalties and late payment interest determined under
30 U.S.C. 1721 on all production on which you used the royalty relief. You may also be
subject to penalties under other provisions of law.



H. Review And Audit

All data you submit in support of the relief application is subject to review and audit.

I. Procedures for Submitting Applications

You should file your application for royalty relief with the MMS Regional Director for your
area. Under the rule, your application must contain two reports: (1) Administrative
Information; and (2) Net Revenue and Relief Justification. Attachment 2 describes what

- should be in these reports.

Attachment 3 outlines procedures for an acceptable CPA certification. Attachment 4 illustrates
a spreadsheet format you should use in the Net Revenue and Relief Justification Report.

Ordinarily we would not expect the operator and owners who file an application for royalty
relief to change while we are evaluating the application. To preserve the integrity of a pending
application, we insist that the designated operator remain unchanged until we render a relief
decision. However, owners may change during our evaluation period without affecting a
pending application. After we have rendered a relief decision, operators as well as owners are
free to change without affecting relief we have already granted. ‘

Before you can reapply either for relief after your previously held relief has ended, or for more
relief, the rule holds that your lease must have 12 qualifying months under the same royalty or
relief terms. When you have had the same royalty terms for 12 qualifying months, you still
have to pass the qualifications listed in Section C above.

J. Procedures for Review, Evaluation, And Decision

We will review the royalty relief application for completeness and verify that the data are
reasonable. If we determine that you do indeed meet the qualification requirements, then we’ll
give you royalty relief because it should induce meaningful quantities of incremental
production. We will notify you in writing of the royalty relief volume amount, the effective
royalty rate, the threshold average oil and gas price level at which suspension and possible
termination of relief occur (for an oil and gas lease), other conditions or clarifications of the
arrangement, and the date on which the new terms would begin. Your new arrangement
normally would start on the first day of the month following the date we approve your relief.

If your application is incomplete or we decide your data are not reasonable, we will give you
the opportunity to submit additional or revised information. If your response cannot clear up
our concerns, we will deny your request for royalty relief. If we deny your request, we will

explain our decision and rationale to you in writing. We retain the application fee. You may
appeal any of our decisions to the Director, MMS, within 30 days, under the provisions of 30

CFR 290. ’



Attachment 1
Allowable Cost Categories Associated with the Cost Variables
Used to Determine Qualification for Royalty Relief

The text of these guidelines refers to several different cost variables we use to determine your qualification for
royalty relief. Each of these variables consist of expenditures associated with several different cost categories.
This attachment summarizes categories of allowable cost, drawn from 30 CFR 220.011, and describes what
expenditures we view as eligible costs in the respective cost categories. Our companion guidelines on deep water
royalty relief includes an almost identical attachment (Attachment C) on allowable costs. Italics in this
Attachment 1 denote passages which deviate from Attachment C in the other guidelines.

Table 1 - Cost Codes and Categories

|| Cost Code Cost Category
100 Labor
200 Material
300 Transportation
400 Contract Services
500 Lessee Owned Rentals
600 Insurance
700 Communications
800 Ecological and Environmental
900 Abandonment
1000 Other Costs
1100 Other Credits

Many of the allowable cost definitions we use for royalty relief are the same as those we allow for Net Profit Share
Leases (NPSL). Where the definition of terms is identical, we refer to the corresponding cite in the Code of
Federal Regulations. In those instances where the definitions differ, we specify the definition appropriate for

royalty relief purposes.

Costs associated with Labor, Material, Abandonment and Other Costs categories are eligible for an overhead
allowance of 5 percent, slightly more generous than the share allowed during the relief period in the NPSL
regulations at 30 CFR 220.012. Other categories tend to be contract costs which already have an overhead
included in them. Joint costs and credits should be allocated to the lease in the same manner as

described in the NPSL regulations at 30 CFR 220.014.

There are two basic rules you should follow when making decisions on whether to include particular costs in the
application. First, we count and you should submit only costs or portions of costs that you can validate as
necessary for the proper conduct of your lease operations.
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Second, we don’t allow and you should not submit costs for any obligation that you incurred before the
qualifying period. For example, we don’t allow amortization or depreciation charges for equipment or
facilities you acquired before the qualifying months. You incurred such capital costs because you anticipated
being able to recover them without royalty relief. Likewise we don’t allow the costs incurred for the
abandonment of pre-existing wells and facilities. These obligations remain regardless of the economic
performance of your lease, so they are not relevant to whether you continue to produce on an otherwise profitable

lease.

A. Labor (cost code 100) covers:

1.

Salaries and wages of field employees, first level supervisors, and technical employees employed in the
operation of your lease, in the area of your lease.

. Salaries and wages of technical employees within technical branches of your organization that may not

work in the area of the lease but are working "full time" on some particular technical problem or operations
aspect of your lease. Excluded from this category are employees assigned a role in your lease’s operations
as a duty collateral with other duties that do not directly benefit that lease.

. Salaries and wages of technical employees within technical branches of your organization who are assigned

technical tasks directly related to the operation of your lease provided they are supported by adequate time
records showing the nature of the task and the hours spent on the task.

. Employee benefits allowable according to 30 CFR 220.011(b)(2-6).

. Overhead allowance up to 5 percent of the sum of the other costs in this category. This, together with the

corresponding amounts in items B, I, and J, below is designed to cover your finance, administration, and
management activities appropriate for the lease.

B. Material (cost code 200) covers items you purchase or furnish as lease property. We look for the following
attributes in costs you claim in this category.

1.

3.

4.

You charge or credit material at amounts specified in 30 CFR 220.015. Your purchase and inventorying of
material conforms to the conditions and provisions of 30 CFR 220.032.

. You charge to the lease only such material purchased or furnished as lease property that is consistent with

efficient and economical operations. You have not accumulated surplus stocks.
You credit to your lease costs for salvaged or returned material.

Overhead allowance up to 5 percent of the sum of the other costs in this category.

C. Transportation (cost code 300) covers charges for transportation of employees and material necessary for your
lease operations to, from and within the lease area. We look for the following attributes in transportation
charges you claim.

1.

2.

You only charge transportation costs for material for a distance not greater than the distance from where
like material is normally available.

You count transportation charges for material shipped from the lease only for lease material and then only
to the nearest reliable supply store, barge terminal, or railway receiving point.
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3. You do not include expenditures under $200 in transportation charges for material.

D. Contract Services (cost code 400) covers the cost of services and utilities provided to your lease under contract
by outside parties and rental charges paid to outside parties for the use of equipment in the lease area in
support of lease operations. These services must be provided under an arm’s-length contract as defined in 30
CFR 206. Actual costs, rather than fees, for services provided under a non-arm’s-length contract must be
included in the following cost categories. We look for the following attributes in the costs you claim for
contract services.

1. The contract services constitute proper and necessary lease operations or support for lease operations.

2. You charge the contract rate for contract services (including consulting services or contracted technical
personnel) established exclusively for the lease.

3. You allocate the cost of contracted services shared among this lease and others pro-rata to the applicable
leases.

4. You do not count the costs of contract services for research and development.

E. Rental of Equipment and Facilities Furnished by Lease Owner(s) or affiliated parties (cost code 500) covers
the use of equipment and facilities which you acquire during the qualifying months that are proper and
necessary for lease operations and are not lease property.

1. These may include shore base and offshore facilities, and pipelines from the lease to shore based facilities.

2. The methodology for determining allowable charges for the use of non-lease equipment furnished by the
lessee is specified at 30 CFR 220.011(g).

F. Insurance (cost code 600) covers net premiums you pay for insurance you are required to carry for lease
operations.

G. Communications (cost code 700) cover the costs of leasing, acquiring, installing, operating, repairing, and
maintaining communication systems, including radio, microwave facilities, and computer production controls
for lease operations according to the proportion of those costs that are allocable to lease operations.

H. Ecological and Environmental (cost code 800) cover three items.

1. Those costs you incur in the lease area as a result of statutory regulations for archeological and geophysical
surveys relative to the identification and protection of cultural resources.

2. Your cost to provide or to have made available pollution containment or removal equipment, including
payments to organizations or funds which supply equipment or assistance in the event of oil spills or other
environmental damage.

3. Your costs for the actual control and cleanup of oil spills and resulting responsibilities required by
applicable laws and regulations except in cases of your negligence or willful misconduct. We don’t allow

any costs from an incident resulting in civil or criminal penalties.

I.  Abandonment (cost code 900) covers three items.
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. We allow costs associated with abandonment of wells you drilled during the qualification period but not

costs associated with wells existing before the start of the qualification period.

. We allow costs associated with abandonment of a well bore for the purpose of using it to drill into @

producing reservoir included in the project and with modification of platform equipment for project
specific purposes.

Overhead allowance up to 5 percent of the sum of the other costs in this category.

J.  Other Costs (cost code 1000) covers costs not included above that you incur in the necessary and proper
conduct of the lease operation. You should have any costs in this category specifically approved by the
Director, MMS, or appropriate delegated authority. You may include an overhead allowance of up to a 5
percent of the other costs in this category.

K. Other Credits (cost code 1100) cover credits to lease operations for:

1.

2.

3.

Lease property you lease to or use in non-lease operations,
Your sale of information derived from test wells and geological and geophysical surveys, and

For any and all amounts earned or otherwise due you as a result of lease operations.

In addition to those costs listed at 30 CFR 220.013, the following costs are not allowable:

1.

2.

OCS rental payments on the lease(s) in the application.

Damages and losses.

. Taxes.

. Any costs associated with activities that are exploratory in nature.
. Civil or criminal fines or penalties.

. Royalty relief application fees.

. Costs associated with prior existing obligations (e.g., royalty overrides or other forms of payment for

acquiring a financial position in a lease).
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Attachment 2
Reports Required for a Complete Application

The rule specifies that your application must include the following information.

1. Administrative Information Report - You use this report to identify your lease or unit and to summarize its
background. It includes:

Serial number and block designation of your lease, names of the titleholder of record, the lease operator,
the identification of whether the lease is part of a unit and description of lease or unit history.

Company designation, the API number, location and status of each well that has been drilled on the lease.

Full information as to whether you are obligated to pay royalties or payment out of production to anyone
other than the United States, the amount to be paid, and your efforts to reduce them.

2. Net Revenue and Relief Justification Report - You use this report to summarize your lease or unit’s production,
revenue and cost history for your qualifying months.

It consists of a cash flow statement with the following items for each of 12 qualifying months (i.e., those most
recent 12 of the last 15 months which had production of at least 100 barrels of oil equivalent per day). Attachment

4 illustrates the spreadsheet format we recommend that you use for your cash flow statement.

1.

AN

All lease production subject to royalty computed in accordance

with the lease and applicable regulations.

Total revenues received on all lease production.

Total royalties paid on all lease production.

Allowable costs (using the cost categories identified in Attachment 1).
Total transportation and processing costs allowed under MMS regulations.
Calculation of net income and revenue share.

The spreadsheet should demonstrate that royalties paid exceed 75 percent of net revenues generated during the
qualifying months.

You must have this report certified by an independent certified public accountant (CPA) expressing any specific

reservations or the lack of any reservations about the accuracy of the historical financial information and that the
presentation and interpretation of the data elements conform to the MMS guidelines. Attachment 3 describes the
essential elements of this CPA certification.

You should carefully explain any significant variability within a cost variable or category.



Attachment 3
Procedures For Streamlining CPA Certification

The purpose of CPA certification is for an independent expert to confirm that only allowable operating, transportation, and
processing costs are used for qualification. Three steps are critical: (1) separating charges incurred on the subject lease(s)
from ones incurred elsewhere; (2) identifying and eliminating any charges not allowed under MMS regulations and
guidelines; and (3) dividing the remaining operating charges into two parts, those authorized to claim a 5 percent overhead
and those not authorized to claim overhead.

The applicant’s own accounting system may not match that described in Attachment 1 of the MMS end-of-life Guidelines.
When that is the case, the following procedural checks should suffice to certify accuracy of historical financial information
and conformity to MMS guidelines.

1.

To confirm applicability and accuracy of costs, identify and list other audits performed for the qualifying period used in
the application that contain these lease(s) and associated facilities.

a.

b.

If one or more other audits have been performed, review cost structure provided in the application to be sure it is
consistent with costs for the application lease(s) shown in the other audits. Identify any inconsistencies.

If no other audits have been performed for the qualifying period, audit a random sample of sub-ledger records for
charges assigned to the lease(s). Check invoices for any unusually large or erratic items (e.g., $2 million, or
double previous month’s level).

To confirm inclusion of only allowable costs, determine which categories in the applicant’s own accounting system are
likely to record charges not allowed under MMS regulations and guidelines (30 CFR 220.013 and Attachment 1 of
end-of-life guidelines).

a.

Review cost elements in these categories of the applicant’s own accounting system which should record any non-
allowed costs. Eliminate charges for any items found to be non-allowable from the amount confirmed in procedure
1 above.

Compare any transportation and processing costs shown in the application with transportation and processing
allowances claimed against past royalty payment obligations. Certify that the two figures are consistent.

To confirm that only authorized overhead is claimed, allocate cost categories from the applicant’s accounting system
either to those authorized to charge overhead (labor, material, abandonment, or other as described in Attachment 1) or
to those not allowed to (contract services, transportation, rentals, insurance, communications, ecological and
environmental). Either of two options may be used to check the size of the overhead subset of allowed costs.

a.

If a majority (>50 percent) of charges in an applicant’s cost category fall into MMS categories that are authorized
overhead, the whole category of costs is allocated to the overhead subset, otherwise the whole category of costs is
allocated to the non-overhead subset.

In each category of the applicant’s accounting system, charges authorized overhead may be identified and
combined with like charges in the other categories of the applicant’s accounting system.

14



Attachment 4
Spreadsheet Format for Production, Revenue and Cost Data

15

We urge you to report your data in the format shown on this and the next two pages. You may get a computer
(Excel) version of this spreadsheet, which includes formulas to preform the appropriate calculations, from your
Regional MMS Director or MMS website at http://www.mms.gov.

Zeros or “ROY/NR” in the following spreadsheet tables indicate cells where formulas calculate values based on
entries in the blank cells. Entries in the “Month/Year” column are simply illustrations to be replaced by the
qualification period relevant to your application.

End-of-Life Royalty Relief
Relief Qualification Worksheet (page 1)

Royalties |Gross Value of | Allowable | Transportation & Net Revenue Royalty
Paid Production Costs Processing Costs (NR) Share

Month/Year | (ROY) (GVP) (AC) (TPC) (GVP - AC - TPC)
Jan-98 0.0 ROY/NR
Feb-98 0.0 ROY/NR
Mar-98 0.0 0 ROY/NR
Apr-98 0.0 ROY/NR
May-98 0.0 ROY/NR
Jun-98 0.0 0 ROY/NR
Jul-98 0.0 ROY/NR
Aug-98 0.0 ROY/NR
Sep-98 0.0 ROY/NR
Oct-98 0.0 ROY/NR
Nov-98 0.0 ROY/NR
Dec-98 $0.0 $ $ $0, $0 | ROY/NR

12 month
[total/average $0 $0 $0 $0 $0
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